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ABSTRACT
There is an increasing trend to dispose of acid gases (H2S and CO2) generated from natural 
gas processing by geologic sequestration. Acid gas can be contained within the subsurface 
by a combination of two main processes: the geological/physical properties of the container 
are such that the gas is safely stored within and/or the geochemical reactions within the 
reservoir trap the acid gas through mineral precipitation. Through geochemical modeling, 
this study identified mineral sequestration as the main trapping mechanism for the conditions 
at the current Kwoen Gas Plant injection site. Desiccation of the water saturation would have 
substantially prohibited any geochemical reactions from occurring during core tests thus 
geochemical modeling was the only feasible approach for predicting trapping mechanisms. 
Computed tomography (CT) analysis also indicates that porosity increased and is inherently 
linked to the increases in permeability experienced in previous core testing. Changes to the 
porosity and pore morphology were non-uniform and resultant of physical processes, such as 
fines migration, and not geochemical reactions.
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1. General Introduction and Literature Review
1.1 Aeid Gas Injection
Raw natural gas contains varying percentages of undesirable components, specifically 
hydrogen sulphide (H2S) and carbon dioxide (CO2). Prior to distribution and consumption of 
natural gas, all corrosive and toxic impurities, which make the gas “sour”, must be removed 
to produce a marketable “sweet” gas. The compounds H2S and CO2 make up a gas stream 
which is commonly referred to as acid gas, for obvious reasons due to its character and 
nature.
The raw natural gas enters a process called “sweetening” where all sour components are 
removed. The process commonly used involves chemical solvents, such as amine solutions, 
that dissolve the acid gas stream (Abdel-Aal, 2003; Younger, 1992). The sweetened gas 
continues through the rest of the process to be prepared for pipeline transport. The remaining 
acid gas and amine solution is heated until the H2S/CO2 stream vaporizes and the liquid 
amine is recycled. There are many commercial designs available to sweeten sour gas but 
common for all of them is the problem of how to dispose of the separated acid gas stream 
which is considered a waste product (Figure 1.1).
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Figurel.l. Schematic block diagram of acid gas removal and disposal process (Chakma, 
1997).
Prior to 1989, acid gas streams from natural gas plants in western Canada were burned in 
flare stacks or incinerators, as seen in Figure 1.1, disposing of up to 10 tormes of H2S a day. 
However, due to increasing environmental concerns, regulatory agencies in western Canada 
have since required that gas plants with a sulphur throughput of more than 1 t/d recover the 
sulphur from the gas stream (Bachu and Gunter, 2004; Sikora et al., 2004). The conventional 
method for sulphur recovery is the Claus process which converts the sulphur compounds (i.e. 
H2S and H2SO4) to elemental sulphur which can be sold or stockpiled (Younger, 1992). In 
today’s low sulphur price market, the cost of sulphur recovery exceeds the value of the 
sulphur recovered making the process uneconomical (Royan and Wiechert, 1997; Wong et 
a l, 1999). As well, sulphur recovery in some larger gas plants (greater than 400 t/d) requires 
an operating efficiency of 98.5 % as stipulated by the Provincial "Sulphur Recovery Criteria 
for Natural Gas Processing Plants” (Sikora et al., 2004). This can mean costly upgrades to
processing plants when gas stream volumes increase as a result of escalating development of 
sour gas fields (Wong et a l, 1999).
A new teehnology for aeid gas disposal emerged in the 1990s where the acid gas stream, 
once exiting the amine regenerator, is compressed and then injected into geological 
formations for long term storage as seen in Figure 1.2 (Bachu and Gunter, 2004; Carroll and 
Maddocks, 1999; Duncan and Hartford, 1998; Gunter et al. 1999 & 2000; Wong et al. 1999). 
Long term storage refers to geologically significant periods of time, on order of millions of 
years, and without abrupt introduction of the sequestered acid gas to the atmosphere. In 
addition to providing a cost-effective alternative to sulphur recovery, the deep injection of 
acid gas reduces emissions of noxious substances into the atmosphere and alleviates the 
public concern resulting from sour gas production and flaring. Although the purpose is to 
dispose of H2S, significant quantities of CO2 are injected simultaneously since it is 
uneconomic to separate the gases (Chakma, 1997; Lallemand and Minkkinen, 2002; Sikora et 
al., 2004). These acid-gas injection operations represent a commercial scale analogue to 
geological storage of CO2 which is a promising means of reducing anthropogenic CO2 
emissions into the atmosphere (Bachu and Gunter, 2004; Hitchon et al., 1999).
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Figure 1.2. A typical acid gas disposal scheme (Sikora et ah, 2004).
1.1.1 Carbon Dioxide Sequestration
Because of its climate warming effect, CO2 capture and utilization or disposal are essential 
for reducing greenhouse effects until new policies and technologies for limiting CO2 
generation are implemented (DOE, 1998 & 1999; IPCC, 1996). Once captured, the 
greenhouse gas can be sequestered in a number of different sinks including biological media, 
the ocean or geologic formations (Singh, 2004). Biological sequestration refers to increasing 
CO2 fixation through photosynthesis by changing land use practices; thus enhancing carbon 
uptake in natural CO2 reservoirs such as soils and vegetation. The concept of biomass 
fixation has problems concerning uncertainty with residence times. Although CO2 can be 
biologically captured by vegetation, the organism will eventually die and the CO2 will be 
released back into the atmosphere. Ocean sequestration refers to the capture of CO2 and its 
subsequent storage in ocean water. It also has problems which involve poorly understood
physical and chemical processes, sequestration efficiency cost, technical feasibility and 
environmental impact (DOE, 1998 & 1999). The injection of CO2 into water ereates weak 
carbonie acids which will have major implications to the ocean ecosystem. Additionally this 
sink is not readily available to landloeked areas and may require transportation whieh ean be 
costly.
Geologic sequestration refers to all activities geared towards the capture and storage of 
wastes under the surface of the earth in deep geological formations. Due to experience 
already gained in oil and gas production, storage of natural gas and groundwater resource 
management, geological storage is likely to provide the first large scale long term 
opportunity for sequestration (Kovscek, 2002; Singh, 2004). As illustrated in Figure 1.3, 
geological storage can include: 1 ) geological trapping in depleted hydrocarbon reservoirs and 
other stratigraphie and structural traps; 2 ) solubility trapping in oil reservoirs and in enhanced 
oil recovery (EOR); 3) in brines in deep aquifers; 4) hydrodynamic trapping in regional-scale 
aquifers; 5) adsorption trapping onto the coal matrix in uneconomic coal beds and in 
enhanced coal bed methane recovery (ECBMR); and 6 ) cavern trapping in mined salt caverns 
(DOE, 1999). The method of geological storage, available volumes and retention time 
depend on media characteristics and in-situ conditions as well as the physieal properties of 
the waste stream (Hitchon et ah, 1999). Extrinsic factors, such as waste stream availability, 
infrastructure for eapture and transport, and cost, further narrow down the candidate sites for 
CO2 or acid gas sequestration in geologieal media (Wong et ah, 1999).
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Figure 1.3. Possible geologic storage opportunities for CO2 sequestration (DOE, 1999).
1.1.2 Injection into Depleted Hydrocarbon Reservoirs
A century of intensive petroleum exploitation and thousands of oil and gas fields are 
approaching the ends of their economical productive lives. These depleted fields have 
porous and extensive reservoir rock and trap structures that can contain gas and liquids 
adequately for geologic time periods (Mortis, 2003). It is prudent to select a disposal 
reservoir where the geology, physieal structure and rock mechanics have been characterized 
extensively. Fortunately, depleted hydrocarbon reservoirs adequately fulfill these 
requirements without any additional and costly investigation since often reservoirs have been 
studied extensively for production purposes (Kopperson et al., 2002). Re-injection into 
currently producing formations raises concerns over acid gas recycling and thus increasing 
the sour content of the producing natural gas. Acid gas cycling to the surface will place 
increased and undue load on the gas processing facilities (Bennion and Thomas, 1993). Re-
injection of the acid gas also has the potential to re-pressurize depleted reservoirs whieh often 
have been produeed to substantially redueed reservoir pressures (Vormejhi, 2003).
In depleted hydroearbon reservoirs there are three main storage mechanisms which include; 
displacement or hydrodynamic trapping in pore spaces, solubility trapping through 
dissolution in the formation water and mineral trapping through geochemieal reaetions with 
the formation fluids and rocks (Gunter et a l, 1999 & 2000; Hitchon et a l, 1999). Depending 
on the extent of saturation, depleted hydrocarbon reservoirs with irreducible connate water 
will offer limited storage capacity in the pores spaces (Vormeji, 2003). But if the injected 
acid gas stream displaces the connate water of the reservoir, the waste fluids will become part 
of the very slow regional flow system, trapping the waste as a two phase part of the 
hydrodynamic reservoir system. If the acid gas dissolves in water, moving towards a one 
phase system, a very reactive solution of weak carbonic and sulfuric acids can increase the 
natural rock-water reactions. Depending on the mineralogy of the reservoir, the dissolution 
reaction may permanently trap wastes remaining inactive with the formation matrix.
However, the geological time scale of sequestration allows ample time for kinetieally slow 
waste water mineral reaetions to take place during movement through the reservoir thus 
possibly precipitating carbonate and sulphide minerals. The mineral trapping mechanism 
offers the greatest potential for increasing acid gas sequestration capacities while also 
rendering acid gas immobile for longer time scales (Gunter et a l, 1999 & 2000; Hitchon et 
a l, 1999). However, all three of these mechanisms permanently store acid gas preventing 
their release to the atmosphere and will be diseussed at length in Chapter 2.
1.2 Overview of Acid Gas Injection in Western Canada
With the advent of emission trading and economical potential of sour hydrocarbon pools, 
acid gas injection is becoming even more appealing to oil and gas producers. The first acid- 
gas injection operation in the world was started in 1989 on the outskirts of Edmonton,
Alberta (Bachu and Gunter, 2004). By the end of 1994, there were four acid-gas injection 
schemes in operation, with another 12 in the process of application review. At the end of 
2003, close to 2.5 Mt of CO2 and 2 Mt of H2S had been injected in western Canada at some 
42 regulated facilities (Sikora et al., 2004). Of the four western provinces in Canada, Alberta 
has the largest estimated storage capacity at 2, 822 Mt followed by northeastern British 
Columbia with 800 Mt and then Saskatchewan with only 118 Mt (Wong et al., 1999). Acid- 
gas stream compositions in western Canada range from 10 % H2S and 84 % CO2 to 85 %
H2S and 11 % CO2 with the rest comprising of hydrocarbon gases and water. There are 7 
acid gas injection sites in northeastern BC, the majority of which are injecting into deep 
saline aquifers as seen in Figure 1.4 (Bachu and Gunter, 2004).
$  Acid Gas (CO 2 + H?S)
D iw M l into Depleted OH
or Gas Reservoirs
»  Acid Gas (CO2 + H2 S)
Disposal into Deep Saline Aquifers
Atberta
Basin
Dti
«T $  #
100
126
Figure 1.4. Location and status of the acid gas injection operation in western Canada at the 
end of 2002 (Bachu and Gunter, 2004).
There is extensive research and data available worldwide on CO2 sequestration that can be 
applied directly to acid gas injection of streams containing higher CO2 concentrations 
(Bennion and Thomas, 1993; Chakma, 1997; DOE, 1998 & 1999; Gunter et a l, 1999 &
2000; Hitchon et a l, 1999; IPCC, 1996; Kovseck, 2002; Mortis, 2003; Pruess et a l, 2003; 
Singh, 2004; Wong et a l, 1999). However, because of the lack of research in the 
sequestration of higher H2S content acid gas streams and the uncertainty of the trapping 
mechanisms for depleted hydrocarbon reservoirs, it was determined that it would be pertinent 
to examine a specific acid gas operation which encompassed these specifics. Additionally, 
selecting a facility within northeastern BC would be additionally prudent considering the
exhaustive research of Alberta injection facilities resultant of efforts by the Alberta Research 
Council.
Acid gas injection technology has been focused on the design of injection facilities but much 
less has been done to develop the understanding of subsurface fate (Duncan and Hartford, 
1998; Gunter et a l, 2000). However, the composition, as well as the properties and behavior 
of the native reservoir fluids are significantly different from the acid gas stream to be 
injected. Thus, for the geologic environment to approach equilibrium within the formation 
after the injection of acid gas, several chemical reactions as well as possibly physical 
processes will occur. The properties of the acid gas stream and design of injection facilities 
are briefly discussed in order to appreciate how the injection process give rise to subsurface 
environmental effects.
1.3 Characteristics and Properties of Acid Gas
Geologic H2S is a product of the anaerobic decomposition of sulphur-containing organic 
matter. It forms gas pockets, along with the hydrocarbon components of natural gas, in the 
stratigraphie traps of formations. H2 S is highly toxic and at low concentration has an 
offensive smell and in aqueous solution can be corrosive (Health Canada, 1992). It is also 
extremely volatile and inflammable contributing to lower heating values of the gas stream 
when present. In order to establish the maximum volume of acid gas to be injected, the 
maximum wellhead injection pressure, the lifetime of the operation and the extent of acid gas 
migration in the subsurface, it is necessary to conduct an assessment of the acid gas phase 
and properties (Carroll and Lui, 1997; Clark, 1999).
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1.3.1 Phases
In order to achieve large storage capacities underground, acid gas should be stored above 
supercritical pressures resulting in a supercritical fluid phase that occupies a lower volume 
(Carroll, 1998). A supercritical fluid has some of the properties of a liquid (e.g., density) and 
a gas (e.g., low viscosity), and is not miscible with water. Therefore, the properties of 
supercritical acid gas have a profound effect on its behavior in oil and gas reservoirs 
containing water as well as other native fluids.
Phase diagrams should be used to understand the possible phases whieh may be encountered, 
with changing temperature, pressure and composition, during all stages of the disposal 
process. In their purest states, H2S and CO2 , the phase equilibrium of both are similar, with 
CO2 condensing at lower temperatures than H2 S (Carroll, 1998). The exact critical point of 
both separate gases is important in order to ensure that the intended injection depth will 
ensure and sustain a supercritical pressure regime (Figure 1.5). Critical points at which the 
gases enter a supercritical fluid phase for CO2 are T = 31.1° C and P = 7, 380 kPa and for 
H2S is T = 100.2° C and P = 8 , 963 kPa. Unfortunately there is a deficiency of published 
properties of acid gas mixtures, especially at higher concentrations of H2S. Current 
equations of state used in petroleum engineering (e.g., Soave Peng-Robinson) to predict the 
critical points of reservoir fluids have been shown inadequate for acid gas streams; thus the 
critical values and properties must be obtained directly by laboratory experimentation (Bachu 
and Carroll, 2004; Carroll and Lui, 1997; Clark, 1999).
11
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Figure 1.5. Phase diagram showing the position of the supercritical fluid which is achieved 
once increasing the pressure and temperature passed the critical points (Clark, 1999).
1.3.2 Viscosity and Density
Density is a key factor when determining the injection profile for the injection well and 
viscosity is important for estimating the plume dispersion as well as determining formation 
damaging effects (Carrol and Lui, 1997). Again, there is little reliable data for the transport 
properties of H2S compared to the more available information for CO2 and little data has 
been published for acid gas mixtures (Bachu and Carroll, 2004; Carroll and Lui, 1997). 
Laboratory experiments of the density and viscosity of varying composition acid gas streams 
and formation water have shown that on average the acid gas currently injected in western 
Canada is half as dense and 15 times less viscous than the formation water. Additionally, 
acid gas streams are 1.3 times lighter and 17 times less viscous than light and medium oils, 
but twice as heavy and viscous as reservoir gases (Bachu and Carroll, 2004).
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1.3.3 Solubility
Corrosion and hydrates may occur when the acid gas is saturated with water. Due to the 
safety hazards associated with acid gas equipment failure, most injection schemes currently 
include dehydration facilities to ensure the acid gas is under saturated with water throughout 
the process (Duncan and Hartford, 1998). The solubility of water in acid gas decreases as 
pressure increases up to 3 - 8  MPa after which it dramatically increases as a function of both 
increasing temperature and pressure (Carroll, 1998). Figure 1.6 shows the water content for 
a gas stream of 1 0 0  % H2S gathered from a combination of laboratory work and modeling of 
water content (Carroll, 2002). The inflection points for the isothermal streams represent the 
transition into a supercritical fluid phase as pressures increase. This property is used in 
naturally dewatering the acid gas by compressing the gas to significantly reduce the water 
content to avoid pipe and well corrosion as seen in Figure 1.7 (Bachu and Gunter, 2004).
13
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Figure 1.6. Water Content of Hydrogen Sulphide at 71.1° C, 93.3° C, and 104.4° C. Data 
from previously published laboratory work and curves modeled using AQUAlibrium (Carroll, 
2002).
1.4 Design and Operation of Acid Gas Injection Facilities
Once acid gas leaves the sweetening process in the gas plant it is saturated with water vapor 
at low pressures (100 kPa) slightly above air temperatures. Based on a study of the phase 
diagrams, in order to optimize sequestration and minimize risk, the acid gas needs to be 
injected: (1 ) as a dense-fluid phase to increase sequestration capacity and minimize 
buoyancy, (2) at bottom hole pressures greater than the formation pressure for injectivity, (3) 
at temperatures in the system generally greater than 35° C to avoid hydrate formation which 
could plug pipelines and well bore, and (4) with water content lower than the saturation limit
14
to avoid corrosion (Bachu and Gunter, 2004; Carroll and Maddocks, 1999; Duncan and 
Hartford, 1998). The three main steps to the acid gas injection process, compression, 
dehydration, and injection, will now be discussed.
1.4.1 Compression
Calculations of the injection pressure must be made based on three considerations: the first 
two being the wellhead and initial reservoir pressures and the third must take the water 
holding capacity of acid gas into consideration (Dunean and Hartford, 1998). Saturation of 
water eontent in liquefied acid gas is continually increasing as a function of pressure and 
temperature thus can be manipulated by thermodynamic principles (Carroll, 1998 & 2002; 
Carroll and Maddocks, 1999).
Dnm to InjecHon 
Wall
Figure 1.7. A schematic of a typical four stage acid gas compression with interstage cooling 
where water content (W) is substantially reduced. Methanol is often added to further 
dehydrate the aeid gas stream (Sikora et al., 2004).
A small four stage, four-throw reciprocating compressor (Figure 1.7) is commonly used to 
increase the pressure of the gas stream to the desired pressure calculated by the design 
engineer (»10 MPa). After eaeh stage of the compression, the gas is isobarically cooled and 
water will eondense out as droplets on interstage (Bachu and Gunter, 2004).
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1.4.2 Pipeline
The gas stream must be passed from the compressor to the injection well via buried pipelines, 
usually constructed with 304/316L stainless steel due to its corrosion resistance (Carroll and 
Maddocks, 1999; Duncan and Hartford, 1998). Design considerations for a pipeline are 
specific. For example, there must be a minimal number of flanges, bends, connections etc. 
which could be considered weak points for deposit or condensation build up or corrosion 
weakening. The pipeline itself should be as short as possible and should have an external 
coating to prevent soil moisture from damaging the steel. Any break in the line would result 
in the release of a large amount of H2S, so safety risks increase with the complexity and 
weaknesses of the pipeline.
1.4.3 Injection
Before injection operations commence, the intended disposal well (often an abandoned well) 
is inspected for casing degradation and sufficient cement bonding. If needed the well is re­
completed with proper corrosion resistant casing or tubing (Duncan and Hartford, 1998). 
Setting of completion packers isolates and controls the producing/injected fluids and 
pressures to protect the casing and other formations above and below the producing/injection 
zone. This ensures the injected acid gas does not migrate below the intended injection 
formation.
Previous studies have assumed that the pressure distribution in a sedimentary basin is 
hydrostatic and increases linearly with depth at a rate of 1 MPa per 100 m. Since average
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geothermal gradients are typically 25° C/km, a supercritical phase will therefore be met at 
depths greater than 800 m (Bachu and Gunter, 2004). Thus, when the injected gas is 
compressed and injected as a supercritical fluid, it will remain monophasic and dehydrated 
throughout the injection profile (Figure 1.8) thereby reducing the potential for problems to 
arise (Carroll and Lui, 1997; Carroll and Maddocks, 1999).
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Figure 1.8. Typical operating conditions for acid gas injection showing the compression 
and dehydration cycle, transportation to the injection well and injection in relation to the acid 
gas phase and hydrate forming conditions (Bachu and Gunter, 2004).
1.4.4 Safety Considerations for Injection Operations
In a typical acid gas injection scheme (Figure 1.2) the pipeline and wellbore are filled with 
liquefied, volatile acid gas which if released to the environment this could pose significant 
environmental hazard and would be a threat to the lives of humans and environment within 
the vicinity of the leak (Duncan and Hartford, 1998). A typical system is equipped with the 
proper emergency shut down valving. Also the wellhead and borehole are continuously
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monitored for changes in pressure which might indicate a system failure and/or wellhead H2 S 
ambient exposure levels (Carroll and Maddocks, 1999). In extreme emergencies, flare-off 
alternatives are used thus stacks are always incorporated into the design.
1.5 Site and Formation Selection
The selection of the acid gas injection site needs to address various considerations that relate 
to: proximity to sour oil and gas production (that is the source of acid gas), confinement of 
the injected gas, effect of acid gas on the rock matrix, protection of energy, mineral and 
groundwater resources, equity interests, wellbore integrity and public safety (Bachu and 
Gunter, 2004; Carroll and Maddocks, 1999). Specific formation selection for injection is 
based on general assessment of the basin hydrodynamics, flow driving mechanisms, natural 
geologic barriers, cap rock, tectonic settings, and seismic activity potential. The common 
lithology of injection units can be subdivided into carbonates and sandstones where as the 
lithology of the seals is more variable including shales, siltstones, limestones, anhydrites and 
halites (aquitards) (Hitchon et a l, 1999).
In order to estimate the potential volume or capacity available for sequestration in a 
reservoir, a porosity evaluation is needed. In Canada, the rock porosity of the acid gas 
injection zones varies from 4 % to 30 % depending on rock type (Bachu and Gunter, 2004). 
In hydrocarbon reservoirs the inter-granular primary porosity is often the anticipated storage 
site rather than secondary porosities such as fractures or vugs, which might encourage 
leakage or migration from the intended injection formation.
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Another important step in the analysis of the potential of a geologic reservoir for acid gas 
sequestration is the identification of permeable zones for injection. This involves an 
estimation of the injectivity; the mass flow rate of the acid gas that can be injected per unit of 
reservoir thickness and per unit of downhole pressure difference (Gunter et al., 2000). 
Identification of permeable zones is necessary since injection into highly permeable zones is 
preferred as the pressure buildup will be accordingly low, thereby avoiding the risk of 
fracturing which would open conduits for acid gas migration and possible escape. In the 
study of Canadian injection sites, permeability varied from 0.55 mD to 10,400 mD, although 
most were in the range of 100 mD (Bachu and Gunter, 2004). Permeability and injectivity 
are also the prime determinants used in plume dispersion modeling, which predicts the rate 
and direction of the injected acid gas plume’s migration through the reservoir (Pruess et al., 
2003).
1.6 Monitoring
Monitoring during the injection process is important to identify the location and saturation of 
acid gas, the potential for breech, and the overall reservoir dynamics including potential 
changes in pressure (Gunter et al., 1999; Singh, 2004). Geophysical reservoir monitoring 
techniques have advanced so that it is possible to image the movement of fluids within a 
reservoir including the use of seismic methods, electromagnetic imaging and even well 
logging. By collecting subsequent images as the reservoir fluid is replaced by the injection 
fluid, and subtracting these images from a base image, it is possible to gauge the location and 
rate of movement of injected fluid (Kovscek, 2002). Additional monitoring of reservoir 
pressure increases and compositional analysis of produced gas and water in nearby wells
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would also be indicative of the migration direction and rate of the injected acid gas. At the 
present time, monitoring is not regulatory requirement, except for the occasional bottom-hole 
pressure surveys of the injection well.
1.7 Concerns with Acid Gas Injection
A major concern with the re-injection process is the potential for formation damage and 
reduced injectivity in the vicinity of the acid gas injection/disposal wells (Bennion et a l,
1996 & 2000). Formation damage phenomena includes: acid gas induced formation 
dissolution, fines migration, mineral precipitation and scale potential, over pressurization and 
reservoir compaction, asphaltene and elemental sulphur deposition, hydrate plugging and 
multiphase flow phenomena associate with acid gas compression phenomena (Bennion et a l , 
1996 & 2000). Reduction in injectivity will require increased injection pressures which 
increase costs and safety concerns at the surface. If pressures are increased to fracture levels, 
potential disastrous results in loss of containment of acid gas (Singh, 2004).
Because acid gas is highly soluble in water, it reduces water density and results in unstable 
aqueous mixtures, where reaction with absorbed oxygen can result in the precipitation of 
elemental sulphur and/or ashphaltenes as well as increasing turbidity. Also, the decreased 
pH of the water causes dissolution processes which form high permeability zones (Bennion 
et a l, 1996). This potentially stimulates injectivity, but additional dissolution of cap rock 
can weaken the integrity of the seal resulting in containment issues. The partial dissolution 
of matrix/cementing constituents in the near injection well region may also release insoluble 
encapsulated fines which could migrate and plug pore throats. Furthermore, extensive
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dissolution can cause chemical compaction which can potentially induce ground movement 
or subsidence of the formation (DOE, 1998; Singh, 2004).
Special problems arise in the assessment of depleted hydrocarbon reservoirs, whose 
properties change during single or repeated pore pressure drawdown and fluid redistribution; 
but data about the potential effects of these changes on the integrity of the surrounding 
reservoir seals are sparse (Gunter et a l, 1999; Singh, 2004). Overpressuring the formation 
will occur if the pore fluids pressures are greater than the hydrostatic pressure. This can 
result from: rapid sediment loading, reducing volume of pores without reducing fluid 
volumes, and increasing mass without increasing the volume of the pore space (DOE, 1998). 
Also stimulating pore pressures that are greater than initial pressures may induce compaction 
of grains thereby reducing the overall volume of the formation and resulting in subsidence.
Acid gas is miscible with hydrocarbons. This provides the basis for enhanced oil recovery 
(EOR) (Bennion and Thomas, 1993; Kovscek, 2002; Mortis, 2003). However, if significant 
amounts of oil remain in the reservoir, the solubility of the acid gases essentially expands to 
the size of the liquid hydrocarbon phases (i.e. swelling of residual oil) inducing a large 
increase in formation volume. Re-injection into depleted gas reservoirs is likely to provide 
maximum injectivity due to pre-existing gas saturations thus assuming minimum 
compatibility issues (Bennion et a l, 1996).
Also, measurable interfacial tensions can lower the permeability of formations which may 
result in large transient or permanent reductions in injectivity (Bennion et a l, 2000). The
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presence of capillary interfaces can be induced by the geometry of tight pore systems and the 
presence of an immiscible interface between the acid gases ‘liquid’ and ‘vapor’ phases also 
induce sufficient capillary differentials. These capillary differentials essentially constrict the 
pore throats limiting the flow of fluids. Injecting and ensuring that the acid gas remains 
monophasic reduces the possibility for damage potential induced by pressure differences 
generated by interfacial tensions or two phase solutions (Bennion et a l, 2000 & 2002;
Carroll and Lui, 1997).
More detailed studies need to be undertaken to quantify the proper process and location of 
the injection/disposal zone. Potential concerns with fluid phase behavior, solubility and 
compatibility with the injection zone matrix can be evaluated in the laboratory to optimize 
the acid gas injection process and reduce operator risk (Bennion et a l, 1996).
1.7.1 Risks
Insight into the risks associated with acid gas injection is one of the key factors affecting 
public acceptance and is indispensable to facilitate the formulation of standards and a 
regulatory framework required for large-scale application of geologic sequestration (lEA, 
2003; Singh, 2004). While there are many health and safety risks concerning the above 
ground operation of such facilities, the extent of the present study will focus on the geologic 
environmental risks. To date very little is known about the risks caused by geologic 
sequestration which primarily has more to do with a lack of direct experience (DOE, 1999). 
Speculated risks include: escape of the acid gas from the reservoir (leakage out of reservoir); 
seismicity (occurrence of micro tremors due to the injection); ground movement (subsidence
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or uplifting of the earth’s surface as a consequence of pressure changes induced by injection); 
and displacement of brine (flow to other formations) (DOE, 1998 & 1999; Kovscek, 2002; 
Singh, 2004).
Pathways postulated for possible leakage include: diffuse leakage across caprock formations, 
concentrated leakage through natural faults and fractures, and leakage through human-made 
features such as wells. Hydrocarbon fields are typically well studied and thus generally 
considered safer reservoirs for acid gas sequestration. In order to prevent induced fracturing 
from the re-injection process, the maximum injection pressure should always be kept below 
the level at which the cap rock may shear (fracture pressure) (Gunter et al., 1999). A seismic 
hazard assessment requires a careful examination of the conditions at the sequestration site 
including: historical seismicity, structural study of the area, evaluation of the critical fluid 
pressure for failure and pre-injection seismic monitoring of the area to define zero state 
seismicity (Singh, 2004). However, for a reservoir that is under high tectonic stress, any 
significant reduction in the grain pressure may trigger faults.
Because of their supercritical nature, sour gas streams can exhibit relatively high densities 
and apparent viscosity in comparison to conventional hydrocarbons gases, rendering them 
more difficult to inject; thus requiring significant pressures and rates of injection. A heuristic 
rule for injection includes controlling the pore pressure gradient such that it does not exceed 
roughly 17.4 kPa/m or not to allow reservoir pressure to greatly exceed the initial reservoir 
pressure, reducing the risk of fracturing the formation (Gunter et a l, 1999; Singh, 2004).
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1.7.2 Regulatory Requirements
In the permitting process, the regulatory agencies review applications for acid-gas disposal to 
maximize conservation of resources, minimize environmental impact and ensure public 
safety (Bachu and Gunter, 2004; lEA, 2003). In order to commence an acid gas injection 
operation in B.C., an application scheme to dispose of produced acid gas, as detailed in 
Appendix I, must be submitted under section 100 of the Petroleum and Natural Gas Act 
(OGC, MEM). Authorization for discharge of acid gas by means of underground injection 
can also be found under the Waste Management Act and authorization will be granted from 
the Ministry of Energy and Mines’ Oil and Gas Commission of B.C. Major components 
involve establishing the maximum volume of acid gas to he injected, the maximum well head 
injection pressure, the lifetime of the operation and the extent of the acid gas migration in the 
subsurface, the proper assessment of the acid gas phase and properties at in-situ conditions 
(OGC, MEM). The ambiguity of some of the requirements will be discussed further in 
Chapter 4.
To date the assignment of liability in the event of an environmentally detrimental event 
occurring due to an acid gas operation {i.e. leakage to aquifer or accidental release to the 
atmosphere through faults) is dependent solely on mineral property rights. This is analogous 
to an experience in the underground natural gas storage industry, where companies inject and 
store natural gas in underground reservoirs (Singh, 2004; Wong et a l, 1999). Whether the 
remediation or treatment of such an occurrence will impose relatively low costs on operators, 
or be much more burdensome to participants (similar to hazardous waste incidents) is still 
uncertain.
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1.8 Thesis Research
After reviewing details of several acid gas operations in BC, the Duke Energy Kwoen Gas 
Plant in Chetwynd, BC met the required stipulations of our study as discussed in section 1.2. 
Also both Duke Energy Gas Transmission-Canada Inc. (DEGT), the operator of the injection 
facility, and Talisman Energy Inc. (Talisman), owner of injection well/mineral rights, granted 
us permission and provided in-kind contributions to make the study possible.
1.8.1 Case Study
In 2002, Talisman and DEGT (formerly Westcoast Energy Inc.) applied and were granted 
permission to dispose of acid gas under Section 100 of the Petroleum and Natural Gas Act. 
DEGT required these new facilities, the Kwoen Gas Plant, to remove enough acid gas from 
its gathering system to restore the nearby Pine River Plant to original design capacity in an 
economic and environmentally sound manner. The disposal well, a-43-B/93-P-5, which is 
owned by Talisman, is located in the Sukunka Valley area about 100 km southwest of 
Dawson Creek. The geological storage unit is contained within the carbonate Triassic 
Baldonnel formation, a depleted hydrocarbon gas reservoir, eapped by the impermeable shale 
Charlie Lake formation. The DEGT Kwoen Gas Plant is regulated to inject a stream of gas 
containing 81 % HiS, 15 % CO2 and 4 % CH4 at a rate of 817 x 10^  m^/d over an anticipated 
lifetime of four years. Talisman and DEGT commissioned several studies to examine 
projected cumulative injection volumes, expected acid gas injection rates, fluid compatibility 
and plume dispersion models which will be discussed in the following chapters where 
necessary.
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1.8.2 Research Objectives
Geologic acid gas disposal minimizes the environmental impact from natural gas processing 
by reducing the release of CO2 to the atmosphere and trapping toxic acid gas in contained 
reservoir units. Efficient and safe operation of an acid gas disposal facility hinges upon 
proper selection of an appropriate storage reservoir. Although there have been no incidents 
at the currently 42 injecting operations in western Canada, it is a relatively new science with 
only speculative storage concepts (lEA, 2003). Specifically, depleted hydrocarbon gas 
reservoirs are assumed to adequately store large amounts of acid gas since the formation 
previously contained sour gas components. The research questions which the present study 
will attempt to address, by examining the acid gas injection of the DEGT Kwoen Gas Plant, 
include the following:
1. How will high H2S content acid gas react with existing rock/fluids, and can 
rock-fluid-acid gas interactions be properly assessed at the in-situ conditions 
and geologic time scales of interest?
2. How do acid gas properties and injection influence the chemical and physical 
processes on reservoir flow properties (e.g., permeability and porosity) and 
rock strength?
3. What are the specific storage mechanisms employed and are there any 
significant environmental effects arising from the injection of acid gas streams 
into depleted hydrocarbon gas reservoirs?
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Completion of the present study will contribute to the understanding of any geologic fates 
and subsurface environmental effects as a result of acid gas injection. Also, it will assist in 
future assessments of the suitability of geologic reservoirs for sequestration.
1.8.3 Thesis Outline
Computer models predict possible geochemical reactions from the reaction paths and rates of 
rock-fluid interactions in the presence of acid gas (Gunter et a l, 2000). Unfortunately, 
published data has been specific to certain reservoir lithologies, as well as the acid gas 
streams’ composition. A full characterization and understanding of the reactions relevant to 
acid gas sequestration in geological environments would require an extensive program of 
laboratory experimentation along with carefully chosen field measurements to validate the 
scaling up of the laboratory behavior to the time and length scales of interest (DOE, 1998; 
lEA, 2003). Chapter 2 will address the probable fate of the Kwoen Gas Plant’s acid gas 
stream from the point of view of geochemical reactions, as well as include a discussion of 
geochemical laboratory analysis to corroborate the modeling.
The dynamics of a geologic storage system is dependent on the distribution of rock 
mechanical and transport properties as well as mineralogy. Mechanical behavior of porous 
media can be evaluated by identifying fine structure and grain scale processes, then scaling 
up from grain scale processes to bulk behavior. Even small changes in pore geometry 
induced by acid gas could alter the integrity of grain-grain contacts; thereby affecting rock 
strength, sound speed and other properties (DOE, 1998; lEA, 2003). Thus, while conducting 
this study it would also be prudent to characterize the matrix rock porosity and permeability
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and to discuss how the injection of supercritical acid gas may alter these specific rock 
properties. Chapter 3 will diseuss relevant formation damage affeeting the mechanical and 
transport properties, by investigating changes to permeability and porosity due to acid gas 
injection.
Finally in chapter 4 1 will discuss my conclusions and provide a synthesis of chapters 2 and 3 
to provide a eomprehensive summary of the geologic environmental effects of acid gas 
injection. Additionally, I will provide reeommendations for future work in chapter 4.
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2. Identification of Geologic Trapping Mechanisms for the Kwoen Gas Plant using
Geochemical Modeling'
2.1 Introduction
The waste by-products of sweetening natural gas are referred to as acid gas (H2 S and CO2). 
Acid gas is traditionally disposed of by converting the hydrogen sulphide (H2 S) to elemental 
sulphur in a sulphur recovery plant. In the case of smaller quantities, the waste stream may 
be incinerated in flare stacks where combustion products (SO2 and CO2) are released into the 
atmosphere. The newest disposal method is re-injection of the acid gas stream into suitable 
underground formations to avoid the release of greenhouse gases and allegedly return the 
gases to their original location. Injection sinks can include salt domes, depleted oil and gas 
reserves, coal beds, and deep aquifers (Gunter et a l, 1996). Re-injection is considered 
environmentally sound because there is zero emission and economical since injection plant 
costs are considerably lower than sulphur recovery ones.
In an acid gas re-injection plant the stream will undergo compression, dehydration and 
injection. The interstage cooling between compression stages will advantageously decrease 
water content from the gas stream while boosting pressures to required injectivity pressures. 
Reducing the water content is essential since it will avoid corrosion or plugging problems 
due to hydrate formation. Injection wells are selected for their permeable carbonate and 
sandstone formations while the common caprock is shale since it is impermeable and there 
will be no upward movement of the acid gas plume (Gunter et al., 1996). The intended 
injection formation is often a depleted hydrocarbon reservoir where there is extensive
‘ A version o f this chapter has heen submitted to the Journal o f  Canadian Petroleum Technology for publication 
review.
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knowledge of its geologic characteristics and geochemical properties. Once injected, the acid 
gas plume will propagate from the injector well possibly interacting with the formation rock 
and water. These interactions may cause subsurface environmental effects which include 
detrimental changes to matrix permeability through dissolution and re-precipitation of 
minerals (Bennion et al., 2000).
Although the technology of acid gas injection has been fully developed in respect to the 
surface operations, there is a significant lack in the literature as to the fate of injected plumes. 
Extensive field and laboratory studies are currently being conducted pertaining to carbon 
dioxide sequestration (Bateman et al., 2005; Czemichowski et al., 1996; Hitchon et al., 1996; 
Soong et al., 2003; Van der Meer, 1996), but for sour gas pools in regions such as 
northeastern British Columbia, hydrogen sulphide (H2S) is often the dominant component in 
the waste stream.
Duke Energy operates the Kwoen Gas Plant which is an acid gas re-injection facility 
upstream of the Pine River Gas Plant in the Grizzly Valley close to Chetwynd, British 
Columbia. As of July 2001, the injection well, a-43-B, in the Pardonnet/Baldonnel reservoir 
produced a cumulative 1304 x 10  ^m  ^of sour gas containing approximately 9 % H2S and 6  % 
CO2 with the remaining volume accounted for as hydrocarbons. The initial formation 
pressure was 32,145 kPa but was reduced through production to 5976 kPa by 2001. The 
Kwoen re-injection plant commenced injection in the summer of 2002 and is currently 
regulated at an injection rate of 817 x 10  ^m  ^/ day over four years with H2S concentrations
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upwards of 85 % at a depth of 2690 m. The repressuring of the reservoir hy injeetion of the 
acid gas is limited to 20,864 kPa.
2.1.1 Regional Geological Setting
The Western Canada Sedimentary Basin (WCSB) spans across B.C. and most of the prairies 
incorporating the Alberta Basin. Alberta Basin strata dips slightly down to the west and the 
permeable carbonate formations overlain by layers of low impermeable shale formations 
make it effective for trapping (Gunter et al., 1996). The current injector well, a-43-B/93-P-5, 
used by the Kwoen Gas Plant is located in the Sunkunka field found in the Rocky Mountain 
Foothills Pine River region of northeastern British Columbia. In the subsurface at Triassic 
level, the Sukunka field is represented by three major structural trends such that the injeetion 
well is constrained to its own isolated pool. The injeetion reservoir is contained within the 
Baldonnel formation. Formed in the Mesozoic era during the upper/later Triassic period, the 
Baldonnel formation is a carbonate rock primarily composed of dolomite with quartz seams 
throughout and ealeite deposits (Carelli, 2001). Directly above the Baldonnel is the 
dolomitic limestone, the Pardonet, and then a layer of impermeable Jurassic shales, the 
Femie group, creating an effective cap. As seen in Figure 2.1 directly below the Baldonnel 
formation is a sandstone, the Charlie Lake formation, and then more shale layers, the 
Halfway and Montney.
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Figure 2.1. Basin scale stratigraphie and hydrostratigraphic nomenclature from northeastern 
British Columbia, Canada (modified from B.C. MEM website, 2005).
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In the Baldonnel reservoir formation quality is very low with permeabilities ranging in the 
0.01 to 0.5mD and porosity values in the 0.01 to 0.08 fraction range as seen in Figure 2.2 
(Bennion et al., 2002). Salinity data shows values in the range of 50,000 to 75, 000 mg/L for 
the Pardonet/Baldonnel formations and are one-third to half that in the underlying Charlie 
Lake aquifer whose maximum salinity is 225, 000 mg/L (Hitehon Geochemical Services, 
1990). Two other characteristics are: S0 4 '^ > 2500 mg/L lies over part of the high S0 4 '^ 
Charlie Lake formation and the content of HCO3" is considerably greater than in the Charlie 
Lake formation. The formation water of the Alberta Basin also has low concentrations of 
trace metals such as lead (Pb), iron (Fe), mercury (Hg), zinc (Zn), silver (Ag) and copper 
(Cu) as discussed in Hitchon et ah, (2001).
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Figure 2.2. Permeability versus porosity for the 23 unexposed cores. Average porosity was 
4.1 % and average air permeability was 0.77 mD.
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The time period required to form hydrocarbons in a carbonate reservoir is generally accepted 
to be on the order of thousands to millions of years. Thus, prior to any production of or 
injection into a formation, we can assume the geologic system, which constitutes the 
formation water, minerals and gases, has reached a natural equilibrium. Injecting a 
supercritical liquid, which is predominantly HiS, into a geologic reservoir, will create a state 
of non-equilibrium within the formation. Carbonates are particularly sensitive to 
environmental changes to post-depositional diagenesis, including dissolution, cementation, 
recrystallization, dolomitization, and replacement by other minerals (Duckworth and Martin, 
2004; Reeder, 1983). This case study will investigate the fate of the injected acid gas stream 
into the Baldonnel reservoir by examining the possible geochemical reactions via reaction 
path modeling as well as laboratory examinations of available cores. The study results 
should encourage responsible engineering and demonstrate acid gas re-injection as an 
environmentally subsurface sound practice.
2.1.2 Fate of Injected Acid Gas
The fate of the plume is best described in the current literature by the displacement concept 
(Van der Meer, 1996). The displacement concept is schematically represented by Figure 2.3 
and is composed of several discrete sections extending from the injection well into the 
surrounding formation (areas D thru A). While originally applied to high salinity aquifers 
(Sw ~ 1 0 0 %) to evaluate the sequestration of CO2 , the same ideas may be applied to other 
geologic reservoirs used for sequestration which contain lesser volumes of formation water. 
Near borehole (area D on Figure 2.3), the formation is highly saturated with acid gas and the 
formation water originally in the pores is completely displaced by the acid gas stream. The
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second phase (area C) has relatively high acid gas saturation but recognizes that some of the 
pore water will remain because not all pore spaces are interconnected. In the third phase 
(area B), the plume’s displacement front is a result of a two phase flow mixing where acid 
gas dispersal is largely affected by the non-uniform shape and size of the reservoir rock grain 
and fluid flow qualities of geological layering. The fourth and final phase (area A) assumes 
the acid gas begins dissolving into the formation water and slowly moves toward a one phase 
solution.
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Figure 2.3. Displacement coneept taken from Van der Meer (1996) showing underground 
CO2 storage where the dark area is representative of the injected CO2 plume.
The significance of the displacement concept is the introduction of three potential storage 
systems or fates of the acid gas: stored as free aeid gas in the rock pore space previously 
occupied by displaced formation water, stored in water as a result of the solubility of the acid 
gas or chemically bonded to components in the rock. While the near borehole displaeement 
of water in pore spaees is only a short term fate, the latter two storage systems result in 
longer term fates often described as hydrodynamic trapping or mineral sequestration.
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2.1.2.1 Physical/Hydrodynamic Trapping
When acid gas or any fluid is injected into a formation at an appropriate pressure, it moves 
away from the injection well flowing as part of the regional flow system. The concept of 
hydrodynamic trapping is defined when the injected acid gas becomes trapped in the pore 
spaces of the formation for geologic time periods of 10  ^to 10  ^yrs (Hitchon et al., 1996). It 
assumes that since formation waters travel at low velocities that over a 30 yr period, the front 
of the plume may only be 5 km from the injector well. The acid wastes can be found in their 
aqueous forms until dissolving in the formation water and traveling by dispersion and 
diffusion mechanisms as a dissolved phase (Gunter et al., 2000).
2.1.2.2 Geochemical/Mineral Trapping
Geochemical trapping includes the dissolution of the acid gas into the formation water {i.e. 
solubility trapping) followed by reaction of the formation water with the minerals present in 
the reservoir to form ionic complexes {i.e. ionic trapping) in the aqueous phase (Gunter et al., 
2000). Once dissolved in water, H2S is involved in a series of chemical reactions. The 
chemical reactions are: the dissociation of the molecular H2S to form the bisulphide ion 
H2S(aq)C* H+ + HS (aq) (2.1)
the dissociation of the bisulphide ion to the sulphide ion,
HS-(aq)C=>S"- + H+ (2.2)
and the self ionization of water
H 2 0 * * H + (a q )+ 0 H (a q )  (2.3)
Equations 1-3 can be reduced to
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4H 2O  (1) +  H S ‘ (aq) < 5 -  S 04 '^ (aq) +  9H^ (aq) +  8 c (2 .4 )
Sulfuric acid is additionally formed by the reaction
4H 2O  (1) +  H2S (aq) <=> 9H^ (aq) +  H SO 4 (aq) +  8 c  (2 .5)
The distribution among the sulphide speeies depends on pH such that H2S is dominant at low 
pH, the HS' ion is dominant at neutral pH and S '^ ions dominate at high pH (Hitchon et al., 
1996; Gunter et al., 2000).
Carbon dioxide dissolves in water to produee earbonie acid
CO2 (aq) +  H2O (I) <=> H2CO3 (aq) (2.6)
whicb is referred to as solubility trapping. The weak earbonie acid can in turn dissociate 
partly to form biearbonate and carbonate ions:
H2CO3 (aq) <=> HCO3' (aq) +  H^ (aq) (2 .7)
and
HCO3' (aq) ** H" (^aq) + C03^ (aq) (2.8)
the basis for ionie trapping (Hitchon et al., 1996; Gunter et al., 2000).
Further reaction of the acid gas-charged formation water ean lead to mineral precipitation 
{i.e. mineral trapping) whieh is the most seeure of trapping mechanisms. The notion of 
mineral sequestration converts the H2S and CO2 into immobile forms of sulphide and 
earbonate minerals, respeetively, rendering them harmless (Gunter et al., 2000). The 
ehemistry of the formation water and roek mineralogy plays an important role in determining 
the potential to sequester aeid gases through geochemical reactions. The aeid gases dissolve 
and alter the pH (aeidieity/alkalinity) through reaetions as outlined in Equations 2.1 through
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2.8. The net release of protons results in decreased pH conditions in the water and therefore 
possibly amplifying water-rock reactions (Sookyun and Jaffe, 2005). The dissolution of 
carbonate minerals can neutralize the acidicity of the system through the release of 
bicarbonate and carbonate ion species {i.e. increasing alkalinity).
Two types of geochemical reactions that can occur following the gaseous-aqueous response 
are: precipitation of minerals where acid gas ions are incorporated or neutralized by 
formation of salts leading to brine formation (Gunter et al., 2000). The dissolution of 
formation minerals provides cations that combine with bicarbonate or other carbonate species 
to precipitate carbonate minerals, forming the basis of the popular mineral trapping coneept 
for CO2 sequestration (Gunter et al., 1997)
Ca^+ + HCO3 CaCOs + H+ (2.9)
Various carbonates such as calcite (CaCOg) (Eqn. 2.9), magnesite (MgCOs), dolomite 
(CaMg(C0 3 )2) and siderite (FeCOs), ean be formed by mineral trapping (Soong et al., 2003). 
Similarly, hydrogen sulphide species can react with alkalis and metals to produce sulphides, 
the salts of hydrogen sulphide, or even sulphide minerals (Hitchon et al., 2001).
The Alberta Research Council has conducted numerous computer simulations of the mineral 
trapping process {e.g. PATH ARC. 94) under reservoir conditions (Gunter et ah, 1997 &
2000; Hitchon et al., 1996). Overall, their results showed that carbonate (dolomitic) 
formations reach equilibrium quickly (within 24 hours) and sequester H2S into a sulphide 
mineral form but do not trap significant amounts of CO2 . Alternatively, siliciclastics 
(sandstone) can trap CO2 as carbonate minerals or H2S as sulphide minerals but are predicted
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to reach equilibrium only after hundreds of years. Resolving what is likely to happen in any 
specific reservoir requires an understanding of the absolute and relative rates of a series of 
processes involving fluid-fluid and fluid-mineral interactions and because of variability of 
reservoir characteristies, must be individually evaluated for specific sites (Bethke, 1996).
2.1.3 Geochemical Modeling
In order to predict the types of geochemical reactions that will occur or whether a reaction 
will proceed, geochemical software is ideal for generating reaction path models especially at 
many iterations of various geochemical conditions.
2.1.3.1 Reaction Path Modeling
In general, a geochemical reaction path model traces the evolution of fluid chemistry towards 
the precipitation or dissolution of minerals over the course of a geochemical process (Bethke, 
1996; Talman et al., 2000). The geochemical reactions are driven by the non-equilibrium 
conditions between the solid phases and fluid, and will continue until equilibrium has been 
reached. This process redistributes mass in the system among the fluid and solid phases, 
which may result in new phases and the complete dissolution of existing phases. The path 
towards equilibrium is irreversible and the exact sequence of events is sensitive to the initial 
conditions in the system. The computer program GAMSPATH.99 evolved from 
PATH ARC. 94 and calculates isothermal-isobaric closed system mass transfer processes 
using fundamental equations which describe equilibrium in accessible thermodynamic 
quantities (Talman et al., 2000). Small amounts of H2S or CO2 are titrated into the fluid and 
the effect on the aetivity of all aqueous speeies is determined; thus GAMSPATH tracks the
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amount of solvent (water), its activity, the saturation state of minerals and the fugacity of 
gases. GAMSPATH terminates calculations when equilibrium has been achieved with all the 
reaction phases and/or all of the reactant phases have reacted out.
The rate of mineral dissolution-précipitation is known to be kinetically controlled by the 
deviation of the solution from its equilibrium (Palandri and Kharaka, 2004). Essentially, the 
dissolution rates for minerals will be higher at high temperatures and low pH; realistic 
conditions for reservoirs considered for geologic sequestration. Pressure affects the 
geochemical reactions by controlling the fugacity of the gases within the system. The 
general expression with which reaction rates are evaluated by GAMSPATH is
RATE = A E ( 1 - Q T ^ n a "  (2.10)
where, A is the mineral surface area, Q is the saturation index (SI), n and m are empirical 
constants, a is the activity of the aqueous species and k is the temperature dependent rate 
constant for any given mineral (Talman et al., 2000). If there are no rate constants specified 
for a mineral in the GAMSPATH database, a relative reaction rate can be assigned in the 
input file or an arbitrary rate of 1 mol/m^s is assigned. Quartz (SiOi) is a widely distributed 
mineral including in the Alberta Basin carbonates, and is a non-reactive mineral with a 
relatively small dissolution rate coefficient of 10'*  ^mol/m^s (Gunter et al., 2000). Gunter et 
al. (2 0 0 0 ) reported that the kinetics for dolomite dissolution is relatively slow as well in the 
order of 10'  ^mol/m^s. Calcite (CaCOa) belongs to the group of the most rapidly dissolving 
carbonate minerals, with a dissolution rate coefficient that has been reported in the order of 
10'  ^mol/m^s. In the absence of precipitation kinetics, dissolution kinetics is used to 
approximate the rates (Palandri and Kharaka, 2004).
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Geochemical reactions which proceed upon injecting an acid gas stream directly affect the 
injectivity. A net dissolution of primary minerals can possibly increase the injectivity but 
significant precipitation of secondary minerals ean cause plugging reducing the injectitivity 
and affecting the long term performance of the geologic sequestration (Bennion et ah, 1996 
& 2000).
This chapter will present a reaction path model tracing the geochemical evolution of the 
Baldonnel formation after acid gas injection as well as supporting geochemical laboratory 
analyses. In order to run the model, required inputs include: formation water chemistry, the 
mass of each of the formation minerals in equilibrium with the formation water and mass, 
grain size, and kinetic parameters for each reactant phase (Gunter et ah, 2000; Talman et al., 
2000).
2.2 Methods and Materials
Duke Energy and the owner of the injection well. Talisman Energy, commissioned a number 
of studies in April of 2000 to assess fluid and matrix compatibility through core tests to 
ensure safe and efficient operation of the injection facilities. The details of these earlier 
studies can be found in more detail in chapter 3 or Bennion et al. (2002). All available eores 
from the sensitivity study were obtained by the University of Northern British Columbia 
(UNBC) which included two cores plugs from separate wells (a-43-B and b-65-B) which had 
been exposed to the acid gas stream during testing. As well, all remaining unexposed core 
plugs; four plugs from a-43-B, eight from the b-65-B, three from well d-2-C, two from c-78-J
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and six core plugs from b-19-A (Table 2.1). Collected were twenty five samples appropriate 
to establish the baseline mineralogical constitution of the Baldonnel formation but only two 
samples to study post-exposure.
Table 2.1. Distribution and characteristics of core samples available for the study.
Well 1 b-19-AÆ3-P-6 c-78^/93-P-6 d-2-C/93-P-5 !b-65-B/93-P-5 a-43-B193-P-6
! Number o f cores I 6 * 2 » . 3 i 10 6 ’
Minimum porosity (%) 0.032 0.103 0.003 : 0.006 0.011
Average porosity (%} 1 0.0528 0.109 0.01 ! 0.0283 0.0393
Maximum porosity (%) 0.084 0.116 0.021 0.074 0.065
Minimum permeability (mD) 0.04 14 0.02 0.02 0.1
Average permeability (mD) i 0.528 28.5 0.036 Î 0.0219 1.05
Maximum permeability (mD) 1.6 43 0.06 1.3 2.7
* At least one sample was deemed to be unrepresentative of formation matrix due to 
abnormally high permeability values most likely due to fractures in matrix.
** Samples were badly fractured during air permeability testing.
In order to classify the trapping mechanism for the Baldonnel formation, the reactivity of the 
formation minerals with the injected acid gas stream must be shown through precipitation of 
new mineral phases. This geochemical laboratory study of exposed cores is conducted to 
identify if reactions had taken place during injection while using the unexposed cores as a 
baseline. If new phases are present, mineral sequestration has taken place; conversely, the 
absence of new minerals is an indication of physical or hydrodynamic trapping. The 
modeling will then ascertain the reactions that had proceeded. In order to formulate the 
geochemical model, information about the makeup of the formation, grain size, porosity, 
permeability and formation water chemistry was required.
The results from the post-exposure study will have a relatively low degree of confidence in 
comparison to the baseline mineralogical results due to the limited number of samples. 
Nevertheless, they are based on all the information available at this time and are 
representative of such, in addition to eliminating safety concerns of working directly with
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HzS. Acid gas with high concentrations of HiS, such as the current study’s stream 
composition, is highly toxic requiring elaborate safety measures and special laboratory 
facilities that UNBC is not equipped with.
2.2.1 Laboratory Analyses
Geochemical laboratory analysis uses X-ray diffraetometry (XRD) to identify mineral phases 
for both the reacted and unreacted core plugs as well as determination of grain sizes. In 
eases beyond the limits of the XRD analysis, such as the identification of residues and 
precipitates on the exposed cores, the scanning electron microscope (SEM) was used. 
Quantitative methods to determine the amount of specific trace elements and metals included 
acid digestion of several unreacted formation samples for use in inductively coupled plasma 
(ICP) analysis. Chemical composition of formation water was determined through a 
combination of data from public reports obtained from the Alberta Geological Survey, as 
well as determination of trace metals by ICP analysis.
2.2.1.1 X-ray Diffraction (XRD)
X-ray diffraction (XRD) measurements were conducted using a Bruker D8  X-ray 
Diffractometer, a 20 X-ray diffraction system with a cobalt X-ray source operated at 40 kV 
and 20 mA. The XRD patterns were recorded from 3-90° 20 over 15 minutes (180sec at 5 
detectors) and compared with the DIFFRAC^^^ EVA mineral powder diffraction files. The 
diffraction pattern determines the d spacing corresponding to each peak which is computed 
using Bragg’s law. The minerals are then identified using a search routine (EVA). When it 
was assumed the match program was erroneous, it was necessary to resort to the ASTM
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Index of X-ray powder diffraction patterns (Poppe et al., 2002). Quantitative analysis for the 
amount of mineral phases present in the individual samples was performed with the 
D1FFRAC^^“  Topas program which utilizes the Rietveld method. The Rietveld method for 
quantitative analysis is based on calculated XRPD patterns, thus instead of having to obtain 
phases in pure form to use as standards one only has to obtain the data necessary to calculate 
an XRPD pattern of the phases of interest (Hillier et al., 2001). These data sets can usually 
be obtained quite easily from crystal structure publications in the literature or from databases 
that compile these data such as the International Crystal Structure Database.
Samples were prepared for XRD analyses in two ways. The first required for XRPD (powder 
form) required portions of each of the unexposed cores to be finely ground (< 5 pm) and be 
completely homogeneous. The fine powder is then prepared by analysis as a thin smear 
which requires mixing the sample with a small volume of alcohol on a glass slide (Poppe et 
al., 2002). The second method of preparation was spot XRD analysis {i.e. no extraction) for 
portions of the exposed core plugs to identify minerals in regions of interest. When possible, 
regions of interest on the exposed cores were carefully extracted and prepared using the thin 
smear method in an attempt to reduce the effect of the parent material pattern. Unfortunately 
X-ray diffraetometry is not always able to detect trace minerals in a sample and for most 
minerals in a mixed-mineral sample the lower limit of detection is 1 wt %.
The results of the quantitative data from the XRD analysis are then entered into a normative 
analysis program to provide the quantitative mineralogy of the Baldonnel formation that was 
used for the geochemical modeling. MINSQ is a spreadsheet adaptation of the least squares
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method that utilizes the Solver tool in Microsoft Excel TM to observe normative assemblages 
based on the input of actual mineral analyses for individual samples (Herrman and Berry, 
2002^
2.2.1.2 Scanning Electron Microscopy (SEM)
The SEM is widely used to study surface morphology at high magnification. A beam of 
accelerated electrons is condensed to 50 - 200 A diameter scanning the surface of the 
specimen by varying voltages on two sets of scan coils which act on the electron beam. The 
amplified signal from the specimen is used to modulate the brightness of the electron beam 
of the cathrode ray image display tube which is scanned in synchronism with that on the 
specimen. The image is therefore a picture of the scanned area. The inelastic interaction of 
primary electrons with atoms produces transitions between electron energy levels in the 
atoms. Energy is released as X-ray photons so the energy spectrum of these photons gives a 
fingerprint of the composition of the specimen area irradiated by the primary beam. This 
method, which is called energy dispersive spectrometry, is widely used (Reeder, 1983).
Only samples from the regions of interest were extracted from exposed core samples were 
examined on the Philips XL30 SEM that is equipped with a quantitative Energy Dispersive 
Spectrometer (EDS) capable of chemical analysis with a detectable element range from 
Boron to Uranium. Each sample was sprinkled or placed onto an A1 pin-type stub and 
cemented with carbon-based glue ensuring electrical contact. All specimens were then 
coated in a 25 nm layer of gold in a Denton Desk II sputter coater to avoid electron 
accumulation on the surface. The SEM was run at 1.96 mA and 20kV. Identification of
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mineral phases involved establishing the elemental composition and morphology on the SEM 
and then confirmation by several published sources such as Pough, (1996) or Duckworth and 
Martin, (2004).
2.2.1.3 Inductively Coupled Plasma (ICP)
Since H2S (aq) species have a high affinity for reacting with metals to produce sulphide 
minerals and salts, the identification of trace metals in the formation’s system was of 
considerable interest (Hitchon et al., 2001). Quantitative trace metal analysis can be 
conducted for both the solid mineral phases and the formation water samples using 
inductively coupled plasma spectroscopy (ICP) (MWLAP Laboratory Methods Manual, 
2003). After proper preparation, the samples were analyzed on Leeman PSIOOO-UV ICP 
spectrometer for the following elements: iron (Fe), silver (Ag), cadmium (Cd), chromium 
(Cr), copper (Cu), nickel (Ni), lead (Pb), zinc (Zn) and mercury (Hg). The determinations 
were performed using an internal standard to correct for variations during sample 
introduction. Each sample was analyzed in triplicate with the average being reported in parts 
per million. Only trace metal concentrations greater than 1 ppm can be reasonably detected 
using this method thus only concentrations over this amount will be deemed significant to be 
included for modeling analyses.
Digestion of Solid Mineral Phases
Ten random pulverized samples of the unexposed core plugs were selected and prepared for 
ICP analysis by acid-micro wave digestion. 100 mg of sample from each of the selected cores 
is placed in a teflon cup along with 3 mL nitric acid and 10 mL hydrofluoric acid. The cup is
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then placed in a bomb and heated. The efficiency of the digestion of mineral phases is 
improved by prolonged heating in closed vessels using a Milestone Microwave Digestions 
System MLS-1200 Mega. After cooling, the product is transferred to a beaker containing a 
boric acid solution and the mixture is stirred until a homogeneous solution is achieved. A 
reagent blank is made to contain the elements used in acid digestion but none of the sample 
elements (MWALP Laboratory Methods Manual, 2003). Hydrofluoric acid is used to 
breakdown silicates while the concentrated nitric acid is for intense oxidation of sulphides 
and destroying all organic matter. The boric acid was used for elimination of excess HF.
Formation Water Analyses
An electronic database of about 150, 000 analyses of formation waters in B.C., Alberta and 
Saskatchewan is maintained by the Alberta Geological Survey (Alberta Energy and Utilities 
Board), of which over 10,000 analyses were reported for B.C. (Hitchon Geochemical 
Services, 1990). The database was searched for analyses in the Baldonnel formation within 
the Sukunka field. The owner of the injection well. Talisman Energy Inc., provided 
additional produced water analyses reports. All the analyses were run through a standard 
culling procedure for detection and rejection of incomplete and contaminated water analyses 
to ensure only the highest quality data would be used (Hitchon and Brulotte, 1994). The 
culling takes into account the presence and values of seven major ions, acceptable ranges of 
pH and density. Historically, water analyses reported by energy companies include only the 
standard seven components of sodium (Na), potassium (K), calcium (Ca), magnesium (Mg), 
chloride (Cl), sulfate (SO 4), and bicarbonate (H C O 3). Although these elements are generally 
the most important, other chemical elements can influence the stability of carbonate minerals
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(Hitchon et al., 2001). For the purposes of including the concentration of trace metals in the 
formation water within the scope of the study, it was necessary to obtain raw formation water 
samples and conduct ICP analyses.
Talisman Energy Inc. provided produced water samples from the nearest currently producing 
well within the Baldonnel reservoir structure, b-19-A. As recommended by the BC sampling 
methods manual (MWLAP, 2003), upon collection three water samples were preserved with 
HNO3 to keep the pH below 2 for total metals detection. In order for more accurate analyses 
of Hg concentration, three more samples were preserved with 10 % K2Cr2 0 7  and H2SO4 . All 
samples were filtered through a 0.45 pm filter paper and kept cool below 4° C in amber glass 
containers with Teflon lids to prevent oxidation or further reaction of trace metals within the 
samples. The samples, as well as a trip blank, were analyzed with the ICP within 28 days of 
sampling.
Raw water analyses are often problematic since sampling rarely performs required complete 
analysis under ideal conditions resulting in loss of data on important unstable ions (Hitehon 
et al., 1999). The water composition, pH, COa^’, HCO3' and alkalinity reported in formation 
water analyses are not representative for in-situ conditions. To evaluate these, a realistic 
assumption is to consider that the formation water sample was originally in geochemical 
equilibrium with the formation matrix, particularly with carbonate minerals such as calcite. 
Calcite is the appropriate in most cases because the reaction kinetics is much faster than 
those of other common carbonates. Thus, geochemical equilibrium models can be used to 
calculate the eomposition of the sampled formation waters at in-situ conditions.
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2.2.2 Modeling 
2.2.2.1 Equilibrium Modeling
Geochemical aqueous equilibrium models, such as SOLMINEQ.GW, calculate static 
conditions in an aqueous solution estimating the concentrations and activities of all important 
aqueous species in a specific water sample and calculating the saturation indices (SI) for 
various minerals (Hitchon et al., 1999). A positive saturation index means that the mineral is 
stable and may preeipitate from the formation water. A negative saturation index means that 
the mineral is unstable and may dissolve if it is in contact with the water at the modeled 
eonditions. Sinee none of the formation water analyses were considered complete, all were 
run through SOLMINEQ.GW, adjusting for CO2 loss and calcite saturation at the formation 
temperature (Hitchon et al., 1999). The formation temperature was calculated from the depth 
of the drillstem, the common source of formation water in the reports, and the integral 
regional geothermal gradient (30° C/km) and annual ground temperature (5.6° C) (Hitchon 
Geochemical Modeling Serviees, 1990; Hitchon et al., 2001).
2.2.2.2 Reaction Path Modeling
The initial conditions for GAMSPATH.99 included the formation water chemistry, the 
number of grams of each of the formation minerals in equilibrium with the formation water, 
and the reactant phase. GAMSPATH.99 modeling reacts 1 mol of reactant (CO2 or H2S) in 1 
kg of water until the system reaches equilibrium. Precipitation and/or dissolution kinetics 
were used to control the mineral reaetion rates at the reservoir temperature (86.3° C) and 
pressure (20.8 MPa). The procedure for determining the overall reaetion is straightforward
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when the change in moles of mineral plotted. Minerals with negative slopes appear to the 
left of the equation and those positive slopes are to the right. The reactant added to the 
system (H2S or CO2) appears to the left of the reaction (Bethke, 1996). The ion species are 
also plotted in log molality diagrams and if the slope of a particular species remains 
horizontal, there is no change in its respective number of moles in the solvent. Large 
negative values of the log molality indicate a lower number of moles of that particular 
species present in the solvent.
2.3 Results
2.3.1 Qualitative
Initial examination of the exposed cores revealed that the sample from well b-65-B/93-P-5 
had significant secondary precipitation (Figure 2.4a) as well as the sample from a-43-B/93-P- 
5 which also had a considerable amount of pitting compared to other cores from the same 
well (Figure 2.5c). Pitting is conceivably evidence of dissolution which would establish 
reactivity between the formation mineralogy and injected acid gas stream. Examination of 
the porosity differences between the exposed core and unexposed cores will be the focus of 
chapter 3.
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Figure 2.4. White residue (a)(100x) found on all surfaces of exposed core #1 from well b- 
65-B/93-P-5. Analysis revealed that the white residue was halite (NaCl) as confirmed on 
both the XRD and the SEM energy dispersive spectrum (b).
The first precipitate (Figure 2.4) evaluated was formed on the exterior of the core and was 
easily extracted for analysis which revealed halite (NaCl). The orange precipitate (Figure 
2.5a) was difficult to extract from the parent material, dolomite, and the amount was often 
too low for an accurate analysis. The identity of the blue precipitate (Figure 2.5b) could not 
be accurately established with the XRD so the regions of interest were prepared for SEM 
analysis.
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Figure 2.5. Orange residue present on core #5 of a-43-B/93-P-5 (a)(100x) also noted on core 
# lo f b-65-B/93-P-5 (b)(50x). The latter also had noticeable blue and red precipitates on the 
surface. Additionally there was obvious pitting on core #5 of a-43-B/93-P-5 (c) (lOOX) 
which was not present in other cores from that well and will be discussed further in chapter 3.
Examination of the SEM images shows plate-like crystal structures standing on edge and 
detected the presence of copper (Figure 2.6). The mineral was identified as covellite (CuS) 
which is usually present in sheaves or bundles of thin, platy hexagonal crystals with a 
tarnished purple to blue colour (Pough, 1996). The carbon peak identified in the energy 
dispersive spectrum (Figure 2.6b) is due to the carbon based glue used to secure the sample 
to the aluminum stub. Additionally, the sulphur peak is masked by the gold peak (Au), the 
conductive coating required for analysis.
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Figure 2.6. The blue precipitate from Figure 2.5b was analyzed using the SEM (a) and was 
identified as covellite (CuS) which exists in plate like structures standing on quartz residue 
(Pough, 1996). The energy dispersive spectrum (b) confirms elemental presence of Cu.
The calcite deposits which were embedded with small red crystals (Figure 2.5b) were 
removed from small fractures on core #5 of a-43-B/93-P-5. The deposit was mounted and 
examined with the SEM which revealed trace amounts of cinnabar (HgS). The crystal was 
present as interpenetrating twinned rhombohedral crystals resembling a spherical shape 
(Figure 2.7a) (Duckworth and Martin, 2004; Pough, 1996). The carbon peak is resultant of 
the same reasons as discussed above but the sulphur peak is indicated on the spectrum of 
Figure 2.7. The calcite present is in its most common rhombohedron form (Figure 2.7b).
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Figure 2.7. Red crystals formed within a calcite matrix on core #5 a-43-B/93-P-6 from 
Figure 2.5b examined by the SEM revealed trace amounts of Cinnabar (HgS). The crystal 
was present as interpenetrating twinned rbombobedral crystals resembling a spherical shape
(a) and the calcite present is in its most common rhombohedron form (b) (Duckworth and 
Martin,2004; Pough, 1996). The energy dispersive spectrums (a) and (b) confirm the 
elemental compositions.
Acid digestion of the solid mineral phases revealed a portion of white and black sediment 
remained undissolved. Core #1 from well b-65-B/93-P-5 revealed up to 37 % of the original 
sediment remained undigested and assorted pieces of core received from unknown origin 
showed 27 % undissolved sediment. The sediment was mounted for XRD evaluation which 
revealed a makeup of 51.4 % silicon, 43.5 % FeS and 5.1 % other. Minerals containing 
concentrations of Fe are more commonly digested using HCl and the silicon present could
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represent the digestion of quartz (SiOz) but not complete dissolution of silicon into solution. 
The morphology of the detected FeS compound was not characterized. Thus the identity of 
the mineral remains unconfirmed although possibilities include troilite (FeS) or pyrrhotite 
(Feo.95S).
2.3.2 Quantitative
2.3.2.1 Mineralogy
The XRD analyses revealed that the carbonate grains in the Baldonnel ranged in diameter 
from 0.005 mm up to 0.009 mm which agrees with the reported mean grain size in Carrelli 
(2001) of 0.008 mm. XRD quantitative analysis revealed the parent rock is dolomite with 
lesser amounts of calcite and quartz throughout the array of core samples. The average 
breakdown of the mineral composition determined by MINSQ, is 93.2 % dolomite 
(CaMg(C0 3 )2), 4.4 % quartz (SiOi) and 2.3 % calcite (CaCOs) (Figure 2.8).
Side rite 0.1 %
Q uartz 4.4
Calcite 2.3 %
Figure 2.8. Summary chart for the calculated mineralogy for the carbonate Baldonnel 
formation based on the quantitative analysis of baseline data set of cores and statistically 
determined using MINSQ (Herrman and Berry, 2002).
Siderite (FeCOa) constitutes the rest and was the only accessory mineral identified in the 
XRD analysis, and was present in only two samples. Based on the average porosity of 4.1% 
determined from the unexposed core data set (Figure 2.1 and Table 2.1), 70.5 kg of minerals
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are available to reaet with 1 kg of water using an average grain density of 2820 kg/m^. Using 
the mineralogical constitution determined by the XRD results and MINSQ calculations, the 
distribution of reactive surfaces is approximately 65,700 g of dolomite, 3,100 g of quartz, 
1,620 g of calcite and only 700 g of siderite.
Although the mineralogy of the Baldonnel is relatively simple, the ICP analysis revealed that 
the only significant trace metal present in the solid mineral phases was Fe at an average 
concentration of 3.73 ppm. Making an allowance for the siderite present, it is also likely that 
Fe was interstitially present in the dolomite matrix as commonly accepted for carbonates in 
the Alberta Basin (Gunter et al., 2000). Future studies should analyze the digested minerals 
for all ions in addition to the trace metals and then the stoichiometry may be determined 
utilizing MINSQ.
2.3.2.2 Chemistry of Formation Waters
Only 3 historical reports for current injection well were located within the formation water 
database; none were suitable for modeling applications. All were over two decades old and 
lacked important data including elemental concentrations for potassium and 
carbonate/bicarbonate species. The more current and complete produced water analyses 
provided by Talisman were utilized in addition with the ICP formation water results. The 
ICP analyses for trace metals revealed that the only significant trace metals present were Fe 
and Hg. There was an average concentration of 2.05 ppm and 5.3 ppm, respectively. 
Unfortunately due to low production water volumes in the sampling well, there was
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substantial head space in the sampling containers potentially creating a source of error. The 
formation water chemistry used in the equilibrium modeling can be found in Table 2.2.
Table 2.2. Formation water chemistry selected for modeling, after the culling process, to 
represent the reservoir fluids for the injection site. Included in the final analysis are the ICP 
results for determination of trace metal concentration (Hg, Fe).
Format hm Wafer Analÿgê
Caffow fmgÆJ
Na 2 1 2 0 0
K 1110
Ca 146
M g 34.6
Cf 33 48 9
HC03 5 3 3 7 .5
504 756
C03 270
OH Nil
Fmc* Mofaf (ppm)
H g 5.3
Fe 2.05
ro la /O tso fV ed  So/Ak (mg/L) 62 34 4
(cafcwbfed)
O hsenred pH 8.38
1618 .8
1.042
Reg «(wAy (OHWn)
m  25 C)
0 .115
Safm/fy (%) 5.81
The reports from Table 2.2 were used as input values in SOLMINEQ.GW and resulting SI 
values are shown in Table 2.3. Concentrations above 100 mg/L which meant the accuracy in 
the calculated SI are within ±_5 % and those <100 mg/L were still > 1 mg/L so their 
accuracy is at least < % (Hitchon et al., 1999). Dolomite, quartz and siderite all have a
positive saturation index as expected. Anhydrite, gypsum and halite are all negative showing 
instability with respect to those minerals in the aquifer. The calcite saturation index is zero
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since the software corrects for any loss of CO2 based on equilibrium with calcite in the 
aquifer. Additionally favored to precipitate out of the solution, and not originally detected by 
XRD analysis, is pyrite (FeSi).
Table 2.3. Equilibrium modeling performed with SOLMINEQ.GW using formation water 
chemistry as reported in Table 2.2. Modeled at formation temperature (86.3° C) and pressure 
(20.8 MPa) applying a correction for CO2 losses by correcting to calcite equilibrium.
Satieration Indices (SI)
Calcite (CaCOa) 0
D olom ite (CaMg(COa)z) 1.515
Siderite (FeCOa) 0.295
Anhydrite (CaSOd -1.878
G ypsum  (CaSO^ -2.108
Pyrite (FezS) 10.541
Haiite(NaCI) -2.151
Calculated
pH 5.73
Ionic Strength 0.983
Total Inorganic Carbon (TIC) 2885.3
Total D isso lved  S o lid s (TDS) (mgfl) 63969
<H-OH> 0.487
Total COa^ 2894.1
Total HCO3 5886.9
Cation Sum (meq/kg H2 O) 982.3
A nion Sum (meq/kg H2 O) 1080.5
Ionic Charge B alance -5.14%
Analytical Charge B alance -4.76%
2.3.3 Modeling
The first calculation which GAMSPATH.99 proceeds with is a distribution of species 
(Talman et al., 2000). If the initial solution is supersaturated with one or more minerals, 
which are not indicated as an initial mineral or reactant, the program will not proceed with 
the reaction. Such was the case in the first run and the program identified that the initial 
solution was supersaturated with cinnabar (HgS), quicksilver (Hg), hematite (Fe2 0 3 ), 
magnetite (Fe3 0 4 ) and pyrite (FeS2). SOLMINEQ.GW bad only predicted pyrite since its 
database of minerals is small in comparison to the one utilized by GAMSPATH.99.
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However, it is still neeessary to perform eorreetions to the water ehemistry using 
SOLMINEQ.GW since it is not a function of GAMSPATH.99. Thus two separate scenarios 
were modeled: one representing the minerals originally physically identified with the XRD 
and predicted by SOLMINBQ (dolomite, calcite, quartz, siderite and pyrite); then a second 
ease including the supersaturated accessory minerals predicted by GAMSPATH.99 to be 
supersaturated in the initial system.
In the first reaction of adding one mole of H2S to the reservoir system, 0.54 moles of siderite 
(FeCOs) dissolved to form an equivalent amount pyrite (FeSi)
FeCO] + 2HS (aq) FeSi + H2O + CO2 + 2e (2.11) 
as represented in Figure 2.9a. The reactions take place in less than an hour and the run was 
terminated because all of the reactants either came to equilibrium with the solution or were 
completely dissolved. The total concentrations of sulphide ions drop by four orders of 
magnitude (Figure 2.9b) as the breakdown of siderite neutralizes the solution and the iron 
species is released combining with the sulphide to form pyrite. However, the breakdown of 
siderite increases the CO2 pressure which could potentially build up and cause fracturing of 
the reservoir. Dolomite, ealeite and quartz behaved inertly to the acid gases under these 
conditions.
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Figure 2.9. Effect of water-rock reactions due to injection of one mole of H2S, dissolved 
into 1 kg of formation water in the Baldonnel (carbonate) reservoir: (a) Minerals for the 
carbonate reservoir (b) Variation of aqueous species.
The next reaction modeled was similar to the above but in addition to the original minerals 
modeled the additional accessory minerals calculated to be initially supersaturated by 
GAMSPATH.99 were added to the system. Comparison of the plotted changes in moles of
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minerals (Figure 2.9a and 2.10a) shows that the amount of siderite dissolved in this seeond 
case (0.26 moles) is less than the above case but the amount of pyrite precipitated is greater 
(0.7 moles). This difference can be accounted for by examining the dissolution and 
precipitation of accessory minerals (Figure 2.10b). There is 0.4 mole increase in hematite at 
the expense of 0.43 moles of magnetite. Magnetite (Fc3 0 4 ) may be considered a mixture of 
equal parts of iron oxide, FeO (iron in the less oxidized, ferrous state) and hematite, FciOs 
(iron in the oxidized, ferric state). The dissolution of magnetite provides the iron oxide 
(FeO) necessary for the precipitation of extra pyrite which in turn reduces the number of 
moles required for siderite. Approximately 0.4 moles of quicksilver precipitated at the 
expense of the corresponding amount of cirmabar.
In the case of reacting one mole of CO2, the system comes to equilibrium rather quickly 
within minutes. The concentration of H2CO3 in the solution remains relatively constant 
(Figure 2.11b) corresponding to a decrease in CO2 pressure due to the limited amount of 
reaction which proceeds. To reach equilibrium a small amount of siderite dissolves (3.5 E-05 
moles)
FeC0 3  + H2O + CO2 -> Fe^+ + 2 HC0 3 ' (2 .1 2 )
and a small amount of dolomite (0.0013 moles) and calcite (0 . 0 0 1 2  moles) precipitates 
similar to the reaction in Equation 2.9. Traditionally, carbonates rocks have little trapping 
capacity for CO2 given that the concentration of HCO3 ' ions build up rapidly from the 
dissolution of carbonate minerals (Gunter et al., 2000; Hitchon et al., 1996).
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Figure 2.10. Effect of water-rock reaction over time due to the injection of one mole of H2S, 
dissolved into 1 kg of formation water in the Baldonnel (carbonate) reservoir including the 
accessory minerals predicted in initial species distribution calculations: Hematite, 
Quicksilver, Magnetite, and Cirmabar (b). The inclusion of these minerals changes the 
dynamics of the dissolution of siderite and precipitation of pyrite (a).
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Figure 2.11. Effect of water-rock reactions over time due to injection of one mole of CO2 , 
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for the carbonate reservoir; (b) Variation of aqueous species.
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2.4 Discussion
From the results it is evident how the mineralogy of the formation buffers the composition of 
the acid gas contaminated formation water over a very short time. The majority of the H2S 
was trapped by the formation of pyrite and accessory minerals with less than 9 % being 
trapped as ionic species (i.e. HS', HSOT, SOT or S '^). In comparison, 72 % of the dissolved 
CO2 was sequestered through solubility trapped as H2CO3 , 27 % through ionic trapping as 
HCO3' and the remaining amount (< 1 %) was sequestered as dolomite and calcite. Mineral 
trapping reactions in the Baldonnel formation were only a minor trapping mechanism for the 
CO2 present in the acid gas stream but the dominant trapping mechanism overall for the H2S. 
The mineral sequestration observed in this study would be limited by the amount of siderite 
and other accessory minerals in the formation. Thus it is expected for solute trapping 
reactions to become increasingly important with larger quantities of waste acid gas.
The dissolution of minerals and synthesis of new phases can lead to permeability and/or 
porosity changes. Overall the net quantity that precipitated in the system due to the acid gas 
reaction was the calcite (0.13 g per mol of CO2) and dolomite (0.24 g per mol of CO2) in 
response to the CO2 induced geochemical reactions. These mineral quantities are relatively 
insignificant in comparison to the overall matrix modeled (70.5 kg); thus no noteworthy 
changes to the porosity or permeability will occur. The volume of sulphide minerals which 
precipitated were counteracted by the corresponding dissolving minerals. The only threat to 
permeability and injectivity would be if the new phases preeipitated directly in the pore 
throats thus blocking the flow of the injected gas.
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For the purposes of modeling it was assumed that the surface of each mineral is in contact 
with the aqueous phase, inferring that times for the reactions to take place are most likely 
faster than would occur in a natural system where conditions are not as ideal (Gunter et al., 
2000). Additionally, modeling assumes that the total volume of the pore space contains 
formation fluids, which is not necessarily the case for depleted hydrocarbon reservoirs. The 
aqueous phase within an actual pore space can be the only site for geochemical gas-aqueous 
reactions thus the rates of reaction will substantially decrease in the actual reservoir.
In the geochemical laboratory analysis of exposed cores, the presence of salt (Figure 2.4) can 
be attributed to the effect of desiccation experienced during initial core injectivity testing. 
Sinee the acid gas stream is dehydrated when injected, it would not displace water from the 
pore spaces but dissolve it. This is supported by the decrease in water saturation (Bennion et 
ah, 2002). Any substantial ions in the water would be “salted” out into pores or along the 
surface of the core. Although the orange residue in Figure 2.5a could not be conclusively 
identified, an acceptable explanation would include salting or oxidation of iron aqueous 
concentrations.
Even though Cu was not detected in the ICP analysis, Hitchon et al. (2001) shows the 
presence of Cu in the formation water of the Alberta Basin in concentrations of < 5 mg/L. If 
copper were included in the initial water chemistry, copper sulphide minerals {i.e. covellite, 
chalcocite and chalcopyrite) would most likely be predicted by GAMSPATH.99 to be 
initially supersaturated similar to the prediction of hematite, cinnabar, quicksilver and 
magnetite. Thus the presence of the secondary minerals, covellite and cinnabar (Figures 2.5,
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2.6 and 2.7), may not necessarily be resultant of geochemical reactions initiated by the acid 
gas introduction but possibly present in the matrix prior to injection. The absence of these 
minerals on the unexposed cores can be attributed to the lack of core preservation. It is also 
clear that if trace metals are present in detectable concentrations ( 1  ppm) in the original 
formation fluids, that sulphide ions preferentially react with those species (Hitchon, 2001). 
In general since formation water analysis historically only report on the seven primary ions, 
as mentioned earlier, it would be prudent in the future to perform more thorough formation 
water analysis which includes the detection of trace metals and additional secondary ions.
The dehydration of the formation water in the pores of the matrix resulted in a salting out 
effect of halite (NaCl) which normally exists only in aqueous solution and not commonly 
found in carbonate mineralogy. It would be appropriate to amend Van der Meer’s 
displacement concept to include a region representing the desiccation of the formation fluids 
prior to any solubility, ionic or mineral trapping. It is necessary for the acid gas plume to 
first reach saturation level in respect to water prior to dissolution in the formation fluids and 
for subsequent geochemical reactions to occur.
2.5 Conclusions
The original intent of studying the cores from the injectivity tests was to find evidence of 
interactions between the minerals in the reservoir and the dissolved acid gas. Due to the 
desiccation of the formation water during the injectivity tests, any geochemical reactions 
would have been prohibited. Modeling would be the optimal means of predicting
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geochemical compatibility between the injected acid gas stream and the injection formation 
mineralogy and fluids.
Similar to the results in this study, Gunter et al. (2000) also reported that carbonate 
formations make excellent trapping reservoirs for H2S but are poor for trapping CO2 , making 
the choice of the Baldonnel formation as the injection zone adequate considering the 
composition of the injected acid gas stream is dominantly H2S. Based on this study of the 
Kwoen Gas Plant’s injection in to the Baldonnel formation, geochemical trapping is the 
dominant mechanism for this particular acid gas stream. Future site specific investigations 
should include detailed chemical water analyses incorporating a thorough analysis of trace 
metals, and rock mineralogy which includes a stoichiometric analysis.
NOMENCLATURE
Sw water saturation
mD millidarcy
kPa kilopascals
A mineral surface area
a saturation index (SI)
n empirical constants
m empirical constants
a activity of the aqueous species
k temperature dependent rate
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Identification of Environmental Effeets of Acid Gas Injection using X-ray 
Computed Tomography^
3.1 Introduction
Acid gas injection is the process of disposing of an undesirable waste stream produced from 
natural gas processing by injecting it into deep geologic formations. Acid gas is primarily 
the combination of hydrogen sulphide (H2 S) and carbon dioxide (CO2) where concentrations 
can vary depending on the location of the injection operation and the nature of the producing 
geologic reservoirs. This technology allows sour gas producing reservoirs to be 
economically viable and also provides a more environmentally friendly option in comparison 
to other disposal alternatives such as flaring. But to ensure successful disposal in a safe and 
efficient maimer, an adequate disposal formation needs to be selected by examining the 
compatibility between the intended injection fluid with the reservoir matrix and fluids. For a 
company assessing the possibility of an acid gas injection operation, it is a regulatory 
requirement to prove this compatibility as stated in the Guidelines for Approval of a Scheme 
to dispose of acid gas under section 100 of the B.C. Petroleum Oil and Natural Gas Act 
(CGC, MEM).
Porosity, the amount of void space within a volume, and permeability, a measurement of the 
ability of a porous media to transmit fluid, influence processes that occur in a formation 
including: acoustic propagation, attenuation, dispersion, single and multiphase fluid flow, 
mitigation of subsurface contaminants and recovery of petroleum and natural gas (Hicks,
 ^A version o f this chapter has been submitted to the Journal o f Canadian Petroleum Technology for publication 
review.
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1996; Kamath, 1998; Reed, 2004). Permeability has long been identified as one of the most 
important parameters for controlling reservoir performance maintaining an adequate flow 
essential to a successful injection operation and is typically assessed in core sensitivity tests 
(Bennion et al., 2000; Koh et al., 1996). Pore geometry and topology are important 
determinants of porosity and permeability but can only be accurately observed through image 
analysis techniques. This chapter will identify the effects of exposing a low permeability 
carbonate formation to a high concentration H2S acid gas stream. This will be accomplished 
by comparison core sensitivity tests and X-ray computed tomography analysis to identify 
changes to permeability.
3.1.1 Formation Damage
The potential to alter the porosity or permeability of a formation during acid gas injection is 
mainly by means of chemical or mechanical mechanisms (Bennion et al.,1996 & 2000).
Some of the potential effeets which will be diseussed in this chapter are desiccation, 
dissolution and fine dislodgement. It is usually assumed that these mechanisms will have an 
overall detrimental effect on the permeability of the matrix but there also exists some 
potential side benefits to the injectivity operations if permeability and/or porosity are 
increased (Bennion et al., 1996).
3.1.1.1 Desiccation
During the injection process the acid gas stream, once separated from the natural gas stream, 
goes through a process of compression and dehydration before the actual injection. The 
stream is compressed and heated to the appropriate pre-determined pressures and
69
temperatures to ensure the stream remains monophasie through the injection stage (Bennion 
et al., 2002). The dehydration removes all the water content in the gas stream to reduce the 
possibility of hydrate formation (Bennion et ah, 1996 & 2000). Once the undersaturated acid 
gas stream enters the formation via the injection well desiccation of the formation occurs 
upon contact with connate water present in the pore spaces.
Cormate water is the water trapped in the pores of sediment rock during its formation. The 
chemistry of connate water is typically higher in total dissolved solids than formation water 
and is also denser and has a higher salinity in comparison to seawater (Hitehon et ah, 1999). 
Connate water is typically irreducible meaning that it is unavailable for removal during 
hydrocarbon production of the reservoir thus is the lowest possible water saturation for the 
formation (Forest, 1980). When the acid gas injection process commences the desiccation 
effect will reduce the initial irreducible water saturation in the region adjacent to the injection 
zone even lower (Bennion et al., 1996).
The reduction in water saturation can cause an increase in injectivity due to a lessening of 
adverse relative permeability effects associated with the presence of the initial water 
saturation in the porous media (Bennion et a l, 1996). A concentrative effect occurs if the 
initial connate water being desiccated is highly saturated with soluble salts or if the initial 
water saturation is reduced to significantly low levels so that the remaining water saturation 
super saturates with dissolved ions. Desiccation of the formation by the injected acid gas can 
then result in precipitation of these soluble salts within the pore system. Depending on the 
location of the reprecipitation within the pore system, this effect counteracts the expected
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increase in permeability due to water saturation removal. Bennion et al. (2000) generalized 
that for low permeability porous media, if the value of the TDS (total dissolved solids) in the 
trapped water saturation exceeds 50,000 ppm, the formation should not be considered for 
acid gas injection disposal.
3.1.1.2 Dissolution
Dissolution of carbonate minerals is a solid-aqueous reaction which takes place when ionic 
activity product of the formation fluid is below levels required for equilibrium. It is a pH 
dependent process where carbonate minerals are insoluble at basic pH but very soluble in 
acids (Hitehon et al., 1999). Acid gas is highly soluble in water and when it dissolves in the 
formation water it creates weak acids which decrease the original pH of the pore water 
accelerating the natural water/rock reactions within the formation (Bennion et al., 1996). If 
dissolution of the rock matrix should occur there would be a resultant increase in porosity as 
pore size and throats would increase in volume which would also see an increase in the 
storage capacity of those spaces (Koh et ah, 1996). Dissolution should be near uniform but 
is definitely affected by the dimension of the flow space. If dissolution is non-uniform, it 
occurs along preferential flow paths where large dimensions flow spaces grow at a more 
rapid rate than lower dimension flow spaces leading to formation of large diameter channels 
also known as wormholes (Bekri et al., 1995; Koh et al., 1996).
Depending on the ionic composition and strengths of the pore water at the specified 
conditions of equilibrium {e.g. pressure, temperature) it may be kinetically favorable for 
precipitation of secondary minerals to also occur possibly plugging pore throats unfavorably
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affecting the injectivity (Koh et al., 1996; Hitehon et al., 1999). In the absence of adverse 
precipitation effects and dissolution induced fines mobilization and plugging, long-term acid 
injection may actually improve injectivity in some disposal wells due to low pH induced 
dissolution effects (Bennion et al., 1996).
3.1.1.3 Fines Migration
Fines migration refers to the motion of naturally occurring in-situ particulates within the pore 
system caused by high interstitial fluid velocities induced by differential pressure gradients 
(Bennion et al., 2000). Low permeability carbonate gas reservoirs are characterized by 
compacted, cemented, fine grained matrix and often contain little or no reactive or mobile 
clay since they have often undergone diagenesis (Carrelli, 2001; Keller, 1997). Even though 
fine dislodgement is generally experienced in poorly consolidated cores every formation has 
a critical velocity at which fines migration occurs. As well, the dissolution process can 
weaken the consolidation between grains in the matrix.
Permeability may either increase or be reduced by fines mobilization, depending on the size 
and quantity of the migrated fines and the pore throat size distribution existing in the 
reservoir (Bennion et al., 1996 & 2000). Core sensitivity studies are necessary to determine 
if at a pre-selected injection rate the formation will reach its critical velocity and if injection 
operation will be jeopardized.
3.1.2 Core Sensitivity Tests
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The primary objective of performing the core sensitivity tests (often referred to as core 
floods) is to observe any significant permeability changes which might impair the injectivity 
or the containment of the injected stream within the formation. Low permeability matrices 
often have small grain sizes and small pore-throat diameters thus require only a small amount 
of precipitated solid to effectively reduce fluid mobility (Lindquist et al., 2000). Small plugs 
cut from the larger cores are used where the orientation of the plug determines whether 
horizontal or vertical permeability are to be measured (Bennion et al., 2000). An ideally 
selected core would be sufficient in size to allow for monitoring of all of potential formation 
damaging effects, especially the geochemical effects of dissolution and precipitation, if they 
occur (Bennion et al., 1996). Unfortunately, in practical applications the selection of cores to 
choose from is limited when using a previously producing well to inject into a depleted 
hydrocarbon reservoir.
Once a core plug is selected to represent the formation matrix, initial core conditions are re­
established including the original formation fluids and saturation as described in Bennion et 
al. (1996 & 2002). It is then mounted in a core holder which is capable of simulating 
reservoir pressures and temperatures including a total overburden pressure and pore pressure. 
Fluid is fed through one port on the core holder which is also equipped with radial 
distribution plates at both the injection and production ends to ensure evenly distributed fluid 
flow in order to eliminate areas of highly localized high velocity (Bennion et a l, 1996). A 
second port is used for monitoring the pressure differential using a pressure transducer 
mounted directly across the core and measures the pressure differential between the injection 
and production ends. This gives the flow rate through the plug hence, by Darcy’s law,
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permeability. The use of the correct reservoir temperature ensures that the correct reservoir 
fluid phases and viscosities are properly simulated (Bennion et al., 1996). Net confining 
overburden pressure is also essential to allow the rock to he re-stressed to obtain the proper 
capillary geometry that the formation will exhibit downhole. The application of overburden 
pressure can cause a substantial change in the permeability, porosity, and geometric character 
of pore systems (Bennion et al., 1996 & 2000).
The injection of acid gas may lead to complications such as rock dissolution and precipitation 
ensuing an evolution of pore morphology. Additionally, relatively high injection pressures 
and velocities are necessary to force the dense supercritical liquid into the low-permeability 
rock matrix which leads to compaction or fracturing of the rock matrix in extreme cases 
(Bennion et al., 2000). Core sensitivity tests are limited to examining the effective changes 
in permeability, so in order to examine the structural changes, such as porosity, computed 
tomography (CT) technology must be utilized.
3.1.3 Computed T omography
Although X-ray computed tomography (CT) was initially developed for medical purposes in 
1972 by Hounsfield, the work of Wellington and Vinegar (1987) showed its versatility in 
characterizing numerous geologic properties. Since Wellington and Vinegar’s (1987) initial 
assessment of computed tomography as a valuable tool in core analysis, the petroleum 
industry has seen its application for a number of petrophysieal uses including: lithology 
determination, anisotropy measurements of porosity and permeability, multiphase flow core 
floods, and correlation of well logs (He, 1998; Hicks et ah, 1996; Hunt et al., 1988; Ketcham
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and Iturrino, 2005; Mogensen et al., 2001). More specifically by utilizing CT techniques 
appropriately, analysis can provide useful information on the distribution, size, and shape of 
pores as well provide a means to sufficiently estimate porosity (Ketcham and Iturrino, 2005; 
Lindquist et a/., 1996 & 1999).
CT scanning provides a non-destructive three-dimensional visualization of the object being 
scanned. It creates an image that will correspond closely to serial sections through an object 
and by acquiring a series of these slices we have data describing a whole volume (Ketcham 
and Carlson, 2001). Basie configuration for CT scanner consists of a narrow beam X-ray 
tube, collimator and detectors fixed to a rigid frame. The scanner rotates around a given 
sample to measure different angles and views of the column. Data is then imported in 
coordinate format for analysis. The digital image formed is composed of pixels whose size is 
dictated by the resolution and the slice image volume is composed of voxels or volume 
elements whose depth is dictated by the slice widths (Ketcham and Carlson, 2001).
Fundamental to this type of imaging technology is the ability of X-rays to pass through 
almost all matter and be attenuated. Each material being imaged has its own linear 
attenuation coefficient which is a function of the X-ray beam photon energy, the atomic 
number, Z, and the electron density, p, of a substance (Wellington and Vinegar, 1987).
There are three dominant physical processes responsible for attenuation of an X-ray signal: 
photoelectric absorption, Compton scattering, and pair production. In general for geological 
materials, the photoelectric effect is the dominant attenuation mechanism at low X-ray 
energies, up to approximately 5 0 -  100 keV. Compton scattering is dominant at higher
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energies up to 5 -  10 MeV, after which pair production predominates (Hunt et al., 1988; 
Ketcham and Carlson, 2001). The result of these processes is that only part of the energy 
that strikes the sample and reaches the detector. The rest of the energy is either scattered or 
absorbed by the sample, which is displayed in Beer’s Law,
/  = /o exp[-/ix] (3.1)
where I is the intensity of an X-ray after passing through a material of x thickness and p 
linear attenuation coefficient at an initial X-ray intensity of lo (Ketcham and Carlson, 2001).
During the mathematical reconstruction process the raw intensity data are converted to CT 
numbers in a two dimensional slice image that has a range determined by the computer 
system (Hicks, 1996). In order to ease comparisons of linear coefficients, the CT number is 
commonly defined as a ratio of the scanned material’s linear attenuation coefficient, p, for a 
given pixel to that of pure water, pwater (standard reference material). The equation is
r-rr  _  1000( / /  -
Num ber ~
l^ W a te r
where 1000 is a scale factor (new Hounsfield scale) given in units of Hounsfield Units (HU) 
where CTaif is approximately -1000 HU and CTwater is approximately 0 HU. A link to a 
reference scale can be useful in some circumstances but the chemical variability of geologic 
material and wide range of scanning conditions used prohibits any (Ketcham and Iturrino, 
2005). Instead it is common to select reconstruction parameters to maximize the CT value 
contrast for each scarmed object. CT values in an image correspond to greyscale levels 
where the dynamic range of pixel or voxel values can vary from 0 to 255 for 8 -bit images to 
0 to 65,536 for 16-bit images (Reed, 2004). The ability to clearly differentiate the values is 
in part dependent upon the repetition of line scans (i.e. X-rayed at many angles) as well as
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the presence of a large attenuation contrast between two materials, such as that with rock and 
air. If two samples being studied are comprised of the same material and all other affecting 
parameters are equal, the higher the CT value can be attributed to the lower porosities in the 
material (Hunt et al., 1988).
Computed tomography images are prone to noise or artifacts such as beam hardening, edge 
blurring and ring artifacts. Beam hardening occurs in systems that emit polychromatic X- 
rays; the low energy X-rays are attenuated within the sample and higher energy X-rays 
penetrate the sample (Kethcam and Carlson, 2001). The effect is that the image edges will 
appear more dense {i.e., whiter) than the image center. This effect can be reduced post 
processing algorithms or using an aluminum sleeve to attenuate the X-rays before reaching 
the sample (Hicks, 1996; Ketcham and Carlson, 2001). Blurring occurs because the linear 
attenuation coefficient for each voxel or pixel is an average of all the material that occupies 
the respective space and can result in visually erroneous boundaries. Error can be reduced by 
increasing image resolution, reducing sample size, or increasing the linear attenuation of one 
of the materials {e.g., adding dopant in the pore space) (Ketcham and Carlson, 2001). Ring 
artifacts appear as full or partial circles in the image and happen mostly due to shifts in 
detector output causing anomalous values at the position of the ring. They are often caused 
by changes in the scanning conditions {i.e. temperature or beam strength) but can be 
overcome by controlling experimental conditions, frequent recalibrations or even removed 
post reconstruction with median filtering (Ketcham and Carlson, 2001). In fact any 
component of the signal that does not convey relevant information can be considered noise
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and there are often several noise filters available in image analysis software (Kamath et al., 
1998).
3.2 Methods and Materials
3.2.1 Samples
Hycal Energy Research Laboratories (Hycal) were contracted by Duke Energy Gas 
Transmission-Canada (DEGT) in 2001 to perform a core sensitivity study as part of an 
investigation into the suitability of a depleted hydrocarbon reservoir as sink for their acid gas 
stream. Even though the carbonate reservoir is reportedly naturally fractured, it is the low 
permeability and porosity matrix that is the crucial storage zone for the injected acid gas 
(Bennion et al., 2002). The original 20 % connate water saturation (Sw) with a TDS of 63, 
000 mg/L and a pore pressure of 20,000 kPa were re-established for the coreflood. An 
overburden pressure of 51,700 kPa stimulated the regular reservoir stressed permeability of 
0.11 mD. At the reservoir conditions the acid gas stream, which was comprised of 81 % H2S 
and 15 % CO2 (4 % Ci), was a monophasie fluid but was substantially undersaturated with 
water (0.05 mol %). The injection of the acid gas, completed at varying rates ( 6  to 12 cm^/hr 
injection rate) as well as at varying temperatures (69 -  82° C ) , caused a considerable 
increase in effective permeability. Dehydration or desiccation of the formation was 
accredited with the initial permeability increase since the final water saturation (Sw) was only 
5.8 % (Bennion et al., 2002). The results from Hycafs test are shown in Figure 3.1 revealing 
a minor decrease in permeability when injection rates were increased suggesting possible 
fines migration.
78
0 350 T
9  0.300
g  0.250 
iâ
3 0 200
Acid Gas at 32 C Acid Gas, at 32 
at Hfgher Ra.ti^
1 ? rcJftr / .Acic Gas at 69 CAriri Pla.«a at S'' T Pnst
CL 0 150 A-S Hour State Shut
^  0 050
0.000
200.00 250 0050.0 00 00 300 00
Cunii PV of injection
Figure 3.1. The permeability versus the cumulative PV (pore volume) plot after injection of a monophasie acid gas stream (81 % H2S 
and 15 % CO2) at reservoir conditions (Bennion et al., 2002).
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Two cores from separate wells which had been exposed to the acid gas stream during testing 
were obtained from Hycal for this study. As well all remaining unexposed cores, four from 
one well and eight from the other from the other well, were provided. Visual examination of 
the exposed core plug used in the sensitivity test represented by Figure 3.1 revealed 
significant depressions on the surface in comparison to unexposed cores from the same well. 
Since porosity and permeability are intrinsically linked, it was relevant to also examine 
variations in the pore morphology and porosity of the exposed matrix to that of the 
unexposed matrix. A core plug from the same formation and well was chosen for a baseline 
eomparison according to similarities in geologie properties which were determined by Hycal 
prior to the sensitivity study (Table 3.1). Earlier X-ray diffractometry of both cores by 
UNBC (Chapter 2) revealed that even mineral compositions were near identical with the 
exception of the presence of halite in the exposed eore. Both core plugs are 2.49 em in 
diameter and 3.096 cm in length.
Table 3.1. Physical properties of the two cores selected for CT analysis.
Exposed Unexposed
Depth 2691.9 m 2694.5 m
Grain Density 2820 kg/m^ 2830 kg/m^
Porosity 0.042 0.033
Permeability (air) 0.75 mD 1.5 mD
Lithology (%)
Dolomite 93.7 932
Quartz 5.1 5.7
Calcite 0.7 1 .1
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3.2.2 Scanning
The core plugs were scanned at the Soil and Landscape Imaging Laboratory, University of 
Guelph, with a MS- 8  Volume Micro CT Scanner 130 from GE Medical. This system is 
equipped with a beryllium window, air-cooled micro focus X-ray source and a 3500 x 1750 
CCD high-resolution digital X-ray camera detector system. The eore plugs were scanned 
sequentially in an unsaturated state at X-ray energy of 130 keV and 190 mA at 1700 ms 
exposure times. This produced high resolution 16 bit images with a resolution of 20 pm and 
slice widths which varied from 35 -  50 pm. The software used for the reconstruction process 
provided an internal continuous standard for water and air as a calibration method.
3.2.3 Image Analysis
Using Equation 3.1 it is possible to show how the CT scan be utilized to make mineralogical 
distinctions in an image (Watanabe, 1999). Figure 3.2 is a plot of the linear attenuation 
coefficient of minerals in eore plugs from a carbonate formation over a range of possible X- 
ray spectrum obtained using the same method as Ketcham and Carlson (2001). Some a priori 
knowledge of the scanned core’s composition is necessary for calculations (e.g. X-ray 
diffractometry (XRD) data given in Table 3.1). Mass attenuation coefficients for dolomite, 
quartz, calcite and halite were obtained by XCOM database (NIST) and multiplied by mass 
density to determine linear attenuation coefficients (Ketcham and Carlson, 2001). By 
plotting these minerals’ respective linear attenuation coefficient as a function of X-ray 
intensity we can see that at 130 keV there is sufficient separation in the curves indicating the 
individual mineral phases will be distinguishable in a given CT image. Additionally the CT
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value corresponds to the linear attenuation coefficient (Equation 3.2) thus identification of a 
mineral in a region of interest (ROI) could be made by then referencing Figure 3.2.
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Figure 3.2. Linear attenuation coefficient (LAC),p, as a function of X-ray energy for the 
four minerals present in the core. Applying these curves in combination with equation (2) 
assists with the identification minerals in the CT image.
Once the images have been compiled they can be digitally manipulated to perform a large 
array of measurements and visualization tasks efficiently (Lindquist et al., 1996). The black 
boundary surrounding the core (ROI) must be first eliminated since its presence in an 
intensity histogram could bias any future analysis (Kamath et al., 1998). In order to remove 
the artifacts, a median and noise filter was used as well as slice by slice quality control and 
image optimization (brightness/contrast) using ImageJ software (Rasband, 2005).
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Rather than working directly with the attenuation coefficient it is more desirable to establish 
more contrastive images for structural observation {i.e. pore morphology) and quantification. 
For this study we utilized a process referred to in the literature as segmentation (Lindquist et 
a l, 1996 & 2000; Kamath et al. 1998; Nakashima and Watanabe, 2002). It is essentially the 
process of binarization where bit values are assigned to each pixel dependent on the phase 
within {le. rock was assigned a value of 1 and air was assigned a value of 0). For 
segmentation to be applied a threshold value separating the phases must first be established 
on the intensity histogram for the greyscale image (Figure 3.3). Although ad hoc, the 
strategy to choose the threshold value for the unexposed core enforced agreement with a bulk 
measurement of the porosity (Table 3.1) using Munsell (1998) as a visual reference for 
porosity values (Kamath et a l, 1998; Lindquist and Venkatarangan, 1999). This method is 
appropriate only for the unexposed matrix since we assume that the exposed matrix porosity 
has increased from the initial values.
Unexposed Exposed
Figure 3.3. Intensity histograms of the unexposed matrix and the exposed matrix used for 
segmentation procedures. The threshold for the unexposed core was determined by forcing 
agreement with bulk porosity measurement. The intensity distribution for the unexposed 
histogram was used as a baseline to determine the point of phase separation or air/rock 
threshold for the exposed by overlaying the profiles.
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In order to segment the exposed matrix image, we establish the threshold on its intensity 
histogram by overlaying the thresholded intensity histogram of the unexposed matrix. Since 
both samples are of identical material and scanning parameters were analogous, the rock 
phase of the intensity histogram ought to have the same distribution, with the exception of 
minor amounts of halite; thus the location of phase separation or threshold on the profile 
should be similar (Daigle et al., 2005). Additionally after segmentation, quantitative 
estimation of porosity for the exposed core cannot be performed using the visual references 
since it assumes homogeneous and isotropic distribution of pores. Rather, porosity for the 
exposed core was determined through the ratio of the total number of pore phase counts 
(pixels) to the total number of counts (pixels) on the intensity histogram (Tsuchiyama et al. 
2005; Nakashima and Watanabe, 2002).
Image thresholding was handled locally applying different thresholds in different spatial 
regions (slice by slice) rather than globally {i.e. single threshold for entire core) (Tsuchiyama 
et al., 2005). Segmenting images into the grain and pore phases can lead to inaccuracies with 
as much as 5 % error since the segmentation process employs a simple thresholding 
technique selected by “eye” and therefore is subject to operator biases (Lindquist and 
Venkatarangan, 1999).
After segmentation large features can also be measured directly from the scanned image, by 
counting the number of pixels they encompass thus we can determine the pore size or even 
fracture width with an accuracy of ± I pixel due to edge blurring artifacts (Keller, 1997). 
Literature had indicated that comparisons of imaged versus true grain size showed that 15
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pixels by 15 pixels are needed to realistically determine porosity (Nakashima and Watanabe, 
2002).
Volume visualization can then be used to create a physical image of the binary data in order 
to discuss the pore morphology in more detail. Essentially the two dimensional cross 
sectional images would be stacked on top of each other to form a volume dataset. 
Segmentation algorithms and volume visualizations of core sections were performed in IDE 
programming language (Research Systems Inc., Boulder Colorado).
3.3 Results
Figure 3.4 is the CT image of cross sections for both the unexposed and exposed cores in 16 
bit greyscale. In CT scans, darker areas indicate lower attenuating material, such as air, 
while brighter areas indicate higher attenuating material, such as dolomite or calcite 
(Ketcham and Carlson, 2001). Indicated in image B of Figure 3.4 are air filled voids as well 
as voids occupied by an undetermined mineral. These areas were subject to more detailed 
analysis initially using Equation 3.2 to determine the linear attenuation coefficient for the 
ROI and then Figure 3.2 to identity the material as halite (NaCl) with additional confirmation 
by X-ray diffractometry (XRD).
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Void
Figure 3.4. Carbonate cores imaged with a pre-clinical scanner at 130 keV. Diameter of 
each core is 25.4 mm and each CT slice represents a 50pm thickness of material. Both cores 
are primarily composed of dolomite with calcite deposits and quartz streams throughout 
shown in scan A, the unexposed core. Scan B is a scan of the core used in the acid gas flood 
tests. It shows appreciable sized air-filled voids as well as salt (Ha) filled pores.
Figure 3.5 reveals the results where the more intense peaks are identified as halite (Ha) with 
some traces of dolomite (Dol), the parent material of the core. Similar detailed spot analysis 
of core A provided mineral identification of quartz, seen in the slightly darker regions, and 
calcite deposits, which are lighter (almost white regions), both indicated in Figure 3.13A.
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Figure 3. 5. Results from XRD analysis exhibiting diffraction patters of halite (NaCl) and 
also the core’s primary material (dolomite). Symbols: Dol = dolomite; Ha = halite.
Visually evident is the porosity differences between image A, the unexposed core, and image 
B which is the core used in the acid gas core sensitivity testing. The changes in pore 
structure and size are not homogenous as seen in an off-centered area of core B in Figure 3.4. 
This prompted a plot of the low resolution CT values versus the cross section of the core to 
investigate compositional/lithological dissimilarities (Figure 3.6). There was no significant 
variation in the average CT number, suggesting that changes due to exposure were non- 
uniform through the core. Since both cores are from the same carbonate formation, 
comparison of the CT plots in Figure 3.6 shows that the exposed core experienced a 
significant increase in porosity compared to its baseline (unexposed) (Hunt et al., 1988). The
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mean CT number for the unexposed eore is 2643 with its exposed counterpart having a mean 
CT number of 2085.
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Figure 3.6. CT number versus the diameter of the scanned carbonate cores. The trendlines 
were determined using low resolution data in order to focus on the lithology of the cores. 
The unexposed core has a mean CT number of 2643 HU compared to the exposed core’s 
mean CT number of 2085 HU implying that the unexposed core has a lower porosity.
Figure 3.7 is another cross section of the cores, after segmentation process for a more 
contrastive investigation of the porosity differences; rock is white and pores are black. It is 
fairly easy using this method to observe the large vugular porosity (pore space that is not 
inter particle), irregular pore geometry and non-uniform distribution of porosity in the 
exposed core (B). Pore sizes increased substantially in comparison to the unexposed core 
and with fairly irregular shape. In the exposed core (Figure 3.7) the largest pore present had 
a rough diameter of 1.15 ± 0.04 mm while the unexposed core’s pore remained relatively 
microscopic (on order of 10 pm). Quantification of porosity using the intensity histogram 
count ratio method indicated the porosity of the exposed core to be 8 . 6  ± 0.4 %, which is 
almost twice the initial porosity of 4.4 %.
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Figure 3.7. Two dimensional cross sectional binary images of the cores after the 
segmentation process. The unexposed core (A) shows rather small micropscopic pores while 
the exposed core’s (B) pores are much larger (1.15 mm). In the images pore area is black 
and grains are white.
Volume visualizations of sections of both the unexposed and exposed core are in Figure 3.8. 
Visual inspection of the pore morphology in the exposed core (B) reveals that pore geometry 
along the medial or z axis does not vary significantly in comparison to the horizontal or 
vertical planes thus pores cannot be typically classified as wormholes (Berki et al., 1995, 
Koh et al., 1996). Instead pore structure could be typically classified as asymmetrical 
spheres. However, the extent of the modification in pore structures or distribution from the 
baseline images (Figure 3.8A) in cross-sectional plane is consistent along the z axis. The 
vugular porosity throughout the core volume contains small amounts of solid phase in the 
pore which we assume after previous greyscale and XRD analysis to be halite.
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Figure 3.8. Three dimensional visualizations of comer sections from both the unexposed 
core (A) and the exposed core (B) where black represents pore space. The unexposed core 
shows microscopic homogeneous porosity through the core volume but the image of the 
exposed core exhibits heterogeneous porosity distribution implying that the effects from the 
core flood were non-uniform in the matrix.
3.4 Discussion
It was evident from both the greyscale and binary images that pore size and distribution 
varied in the cross section of the exposed core plug. There are two possible reasons, where 
the first assumes the injection of the acid gas was non-uniform. In a tight matrix, only a small 
portion of the rock contains interconnected permeability channels in which most of the flow
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occurs and that the majority of the matrix remains isolated from flowing gas contact 
(Bennion et al., 2000). The second possible reason suggests changes were resultant of poor 
consolidation of core material in the heavily affected area versus better consolidated material 
in the relatively unaffected area. Neither of these theories may be discarded without 
performing a pore network study to evaluate the interconnectivity of the permeability and 
determine effective porosity (Kamath et al., 1998).
The reason for the porosity changes may be resultant from fine migration and/or dissolution 
of the carbonate matrix. However, dissolution is unlikely since pore morphology 
examination did not reveal any wormholes. As well, the presence of halite supports 
previously published theories for permeability increases due to desiccation (Bennion et ah, 
2002). Since the initial water saturation of 20 % was decreased to the super-saturation point 
of halite precipitation, it is acceptable to postulate that an insufficient amount of connate 
water remained for dissolution processes to occur. We would have to also assume that 
dissolution did not weaken grain cementation and influence grain dislodgement thus the 
porosity differences would be due to fine migration solely resultant of high interstitial fluid 
velocities during the core flood.
ft is evident that the low critical velocities, often found in tight matrices, were exceeded by 
the injection rate of the dense supercritical acid gas overcoming the cohesive inter-particle 
forces allowing for particle mobilization. Fortunately, constrictions in the path of flow did 
not arise, allowing for continual mobilization or shifting of small grains. Similarly the 
precipitation of halite likely transpired in such a manner not to block the pore throats and
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hinder the injectivity. The formation of halite in the pore spaces might imply its precipitation 
in along crevasses or depressions in the pore and not fully exposed to the fluid flow where it 
would have been subjected to the same forces which instigated the fine migration.
Because scarming material and scanner parameters vary extensively, at present there are 
relatively no universal methods for quantification of images in CT analysis which allows 
present methods to be open to criticism (Ketcham and Iturrino, 2005). As well a number of 
limitations existed during this study, including a restricted sample size, thus a more rigorous 
study is suggested which would incorporate scanning cores prior to acid gas exposure for a 
more adequate baseline. This would ensure that porosity differences are solely attributed to 
the exposure and not due to variations in the formation matrix. Errors due to operator bias 
from the thresholding procedure are present in any quantitative value such as the pore size 
determination and porosity evaluation. Additionally scanner resolution (20 pm) was larger 
than the common grain size diameter of carbonate matrices (10 pm) (Carrelli, 2001). In 
combination with the edge blurring artifact, inter-particle porosity may have been over or 
under estimated during the segmentation process.
For similar future studies it is suggested that additional methods to quantify porosity ought to 
be considered. Matrices possessing homogenous and isotropic porosity distribution can be 
fairly accurately assessed on the measure of porosity (i.e. unexposed core) but as 
heterogeneity increases the accuraey of the porosity estimation will decrease (i.e. exposed 
core) (Lindquist and Venkatarangan, 1999; Nakashima and Watanabe, 2002). Ketcham and 
Iturrino (2005) present a more suitable method to determine the heterogeneous and
92
anisotropic porosity by subtracting the images of the core at ambient conditions and saturated 
with an X-ray attenuating fluid. The rock features eancel leaving one with a direct measure 
of porosity. Furthermore this method can be extended to include accurate permeability 
measurements using an altered version of Komen-Cozeny equation (Mogensen et al., 2001 ; 
Nakashima and Watanabe, 2002).
3.5 Conclusion
The specific advantage of analyzing CT scans is the ability to maintain the 3D grain to pore 
relationship and evaluate the pore morphology, size and distribution differences between the 
baseline unexposed core and exposed core. By viewing the images after the segmentation 
process the porosity differences were explieit. Although visual appreeiation of the images is 
undeniable, science is a quantitative discipline and in application to scientific studies 
computed tomography will have limited impact unless quantitative information ean be 
extraeted from images (Keteham and Carlson, 2002; Ketcham and Iturrino, 2005). Results of 
this study revealed that pore sizes increased substantially from the initial microscopic inter­
grain porosity to larger visual secondary vugular porosity. Overall CT analysis revealed that 
in addition to the permeability increases experienced in the core sensitivity tests, total 
porosity nearly doubled as a result of fine migration effeets.
The presenee of halite within the pores supports preeeding studies whieh suggest desieeation 
during core tests can cause a salting-out effect. This also implies that the souree of the 
porosity changes could not be attributed to dissolution since the water content in the core 
would have substantially been reduced by the gas; thus permeability inereases were due to a
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combination of the initial water saturation desiccation and fine migration. The severity of 
these effects should be highly localized to the formation surrounding the injection well. As 
the injection front increases the pressure from the flow forces will diminish with the 
dispersing plume while the water saturation of the acid gas will gradually increase eventually 
leading to pH induced carbonate dissolution and reprecipitation processes farther from the 
injection well.
NOMENCLATURE
p LAC, Linear Attenuation Coefficient 
Pw Linear attenuation coefficient of water
I Transmitted X-ray intensity
lo  Initial X-ray intensity
X length of X-ray path
Sw water saturation
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4. Discussion and Synthesis of Research Findings
4.1 Discussion
This study evaluated the subsurface environmental effects from the injection of acid gas into 
the Baldonnel formation, a depleted carbonate hydrocarbon reservoir. The study includes: 
the changes in the composition of both minerals and fluids as vyell as the modification of 
porosity and permeability. Permeability and porosity can change with time and space as a 
consequence of acid gas injection and storage for both geochemical and geomechanical 
reasons. The injection of acid gas which is denser and more viscous than the original 
formation fluids can induce changes in grain and pore geometry both physically and 
chemically. This potentially alters the integrity of grain-grain contact affecting rock strength, 
and other properties. Usually, the result will be a reduction of permeability and porosity, 
making transport and storage of acid gases more difficult. Surprisingly, an unexpected 
increase in permeability was observed in previously conducted core sensitivity tests by 
Bennion et ah, (2002) as discussed in chapter 3. The initial focus of the current study was on 
the geochemical reactions (Chapter 2) which potentially induced the dissolution of rock 
matrix resulting in the observed increase in injectivity. Unfortunately, desiccation of water 
saturation would have prohibited geochemical alterations of the porosity and permeability 
thus it is clear there must be geomechanical implications as well. Evident from the results is 
that the properties of supercritical acid gas, including density, viscosity and water content, 
will have a profound effect on its interaction with the reservoir fluids and formation matrix.
95
Modeling conducted in Bachu and Carrol (2004) measured the density and viscosity of an 
acid gas stream composed of 83 % H2S and 14 % CO2 . They found that the acid gas stream 
is 2.6 times heavier and 3 times more viscous than initial reservoir fluids (hydrocarbon 
gases). Additionally, due to the compression and injection process, water content in the acid 
gas stream is reduced to 0.05 mol %. Thus upon contact with water in the formation pores 
the gas absorbs almost all irreducible fluids (Bennion et al., 2002). If the geologic 
environment (i.e. higher temperatures and pressures) is favorable for the gas to hold a large 
amount of water the dehydration of the formation could be severe. However, there is a 
maximum amount of water that a finite volume of acid gas can hold. Once this saturation 
level is satisfied, the acid gas can freely dissolve in the formation fluids inducing 
geochemical reactions. Given the high H2S content as well as the Baldonnel formation’s 
temperature and pressure, the actual water content of the gas stream could reach a maximum 
of 5 mol % (Carroll, 2002).
4.1.1 Rock Mechanics
The changes in porosity observed in Figure 3.6, 3.7 and 3.8 suggests potential geomehcanical 
or physical effects since there was no evidence to support significant dissolution of the 
matrix. If local pressure (pore pressure) is greater than hydrostatic pressure (overburden 
pressure) then the system is said to be overpressured. The matrix rock of the reservoir will 
respond dynamically to this process, potentially signaling local deformation or even 
fracturing. Overpressuring can result from; rapid sediment loading, reducing volume of 
pores without reducing fluid volumes, and increasing mass without increasing the volume of 
the pore space (DOE, 1998). Stimulating pore pressures that are greater than initial pressures
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may also induce compaction of grains thereby reducing the overall volume of the formation 
and resulting in subsidence. In the case of injecting acid gas into the Baldonnel formation, 
the original formation fluids are essentially being replaced with a more dense fluid, the aeid 
gas stream. Assuming there is no significant alteration of the pore volume there will be an 
increase from original pore pressures. The force increases associated with the overall 
increase of pore pressures can place large stresses on the rock matrix. In combination with 
injecting the aeid gas at high enough velocities to overeome the viseosity of the fluid, it is 
likely that fine migration would oceur in areas of poor cementation in the matrix. This 
theory of fine migration was beyond the seope of this study and is recommended as future 
research.
The eoproduction of CO2 (g) during the dissolution of siderite and secondary formation of 
pyrite (Equation 2.11) would be an additional threat to increasing pore pressures. To ensure 
the integrity and safety of the injection, it is necessary to evaluate whether alterations of 
stress will cause failure within the reservoir. Furthermore, the alteration of stress may affeet 
the storage eapaeity and hydrologie properties of the reservoir (DOE, 1999). Hydroearbon 
reservoirs are especially problematic since the geomeehanical properties are assumed to 
ehange during single or repeated pressure drawdown and fluid redistribution experieneed 
during oil and gas produetion (Singh, 2004).
4.1.2 Desiccation
The reason for the porosity changes was linked to fine migration during the core sensitivity 
tests and not attributed to geoehemical dissolution of the formation matrix. Dissolution was
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unlikely given that examination of pore morphology did not reveal any wormholes (Figure 
3.8 of Chapter 3). The most significant result is the formation of halite precipitates (Figure
2.4 and Figure 3.4 and 3.5). Its presence supports previously published theories for 
permeability inereases due to desiccation (Bennion et al., 2002). Since the initial water 
saturation of 20 % was decreased to the super-saturation point of halite (Sw = 5 %), it is 
acceptable to postulate that an insufficient amount of water remained for dissolution 
processes to occur.
Bennion et al. (2000) generalized that for low permeability porous media, if the value of the 
TDS (total dissolved solids) in the water saturation exceeds 50,000 ppm, the reservoir 
formation should not be considered for acid gas injection disposal since the risk to plug 
porethroats and reduce injectivity would be too high. The TDS concentration reported in the 
produced water analysis for the given injection site was over 63,000 ppm which exceeds the 
recommended value. Thus significant precipitation of salts in the pore system as identified in 
Figure 3.4 would be expected. The question remains why the injectivity of the acid gas was 
not adversely affected. It is possible the increase of porosity by fines migration compensated 
any potential blockages as well the high velocity forces may have forced any loose halite 
along the pathway and/or that precipitation occurred in areas not to threaten the flow.
Additionally of concern is that connate or irreducible water often has higher ion 
concentrations than the produced water due to the concentrative effect (Chapter 3). It is 
plausible that the ion concentrations reported in the produced water analysis and used in the 
geochemical modeling are actually an underestimation of actual in-situ ions present in the
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irreducible water saturation. This suggests that the reactivity of the formation fluids is 
actually greater than the modeling predicted.
4.1.3 Regulatory requirements
The guidelines for approval scheme of an acid gas disposal process, as seen in Appendix 1, 
(OGC, 2005) requires
“a discussion and analysis of laboratory testing for determining injected fluid
interaction with reservoir matrix, caprock matrix and native fluids”
This arises from potential concerns with fluid phase behavior, solubility and compatibility 
with the injection zone matrix. Historically this requirement is satisfied by laboratory core 
sensitivity tests which were discussed in chapter 3. An ideally selected core would be 
sufficient in size to allow for monitoring of all of potential formation damaging effects, 
especially the geochemical effects of dissolution and precipitation (Bennion et al., 1996). In 
this specific case due to the nature of this acid gas stream, the amount of initial water 
saturation and limiting size of the core plugs, no geochemical reactions proceeded. Core 
sensitivity tests are an acceptable method for predicting near well processes but not adequate 
for assessing processes which might occur farther from the well, where geochemical 
reactions are more likely to happen. A complete assessment of reservoir compatibility with 
the injected acid gas stream should include geochemical reaction path modeling. This step is 
significant for the understanding of the geologic fate of the acid gas and could increase 
public acceptance if the concept of mineral sequestration is proven a feasible means of 
mitigating greenhouse gas emissions.
99
4.2 Synthesis of Research Findings
Acid gas injection involves the capture, the transport and finally the disposal by geological 
storage in a number of possible sinks. While there are a number of types of storage, each 
with its advantages, depleted hydrocarbon gas reservoirs are assumed to adequately store 
large amounts of acid gas since the formation previously contained sour gas components. 
However, the composition, as well as the properties and behavior of the native reservoir 
fluids are significantly different from the acid gas stream to be injected. Thus for the 
geologic environment to approach equilibrium after the injection, several ehemical 
(geochemical) reactions as well as possibly physical (geomechanical) processes will occur.
The waste gas injeeted creates an unbalaneed environment which can be neutralized by 
reaetions with the formation mineralogy and water. The formation of aeid gas ions and 
coproduction of leads to a series of seeondary reactions with complex feedbacks that 
buffer solution properties and mineral reactivity as discussed in chapter 2. Based on this 
study of the Kwoen Gas Plant’s injection in to the Baldonnel formation, geochemical 
trapping is the dominant trapping mechanism observed for this particular acid gas stream. 
The mineral sequestration capabilities of the Baldonnel formation will be limited both by the 
availability of reactive minerals and amount of solvent present in the pore spaces (formation 
water).
Computed tomography (CT) results discussed in chapter 3 revealed that pore sizes increased 
substantially from the initial microscopic inter-grain porosity to larger visual secondary 
vugular porosity. Overall CT analysis revealed that in addition to the permeability increases
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experienced in the core sensitivity tests, total porosity nearly doubled as a result of fine 
migration effects. The increase in porosity offers an even greater capacity for physically 
trapping acid gas volumes.
In addition to the three main trapping mechanisms discussed in chapter 1, an acid gas plume 
may be trapped in structural and/or stratigraphie traps along the flow path. Experience with 
this mechanism is already gained in the oil and gas production as well as in the storage of 
natural gas and is likely to provide the primary trapping mechanism in the Baldonnel 
formation. These types of depleted reservoirs have porous and extensive reservoir rock and 
trap structures that can contain gas and liquids adequately for geologic time periods. 
Considering the current uncertainty in the geologic fate of injected acid gas, depleted 
hydrocarbon reservoirs should be seen as the preferential disposal formation before aquifers 
or lesser known geologic structures.
The effects of acid gas injection into a depleted hydrocarbon reservoir observed in this study 
include; mineral sequestration and solubility trapping of the acid gas stream, desiccation of 
water saturation in pores adjacent to the injection well, as well as a substantial increase to the 
porosity as a result of physical processes. Thus far none of these effects have shown to be 
adverse with respect to the geologic environment or feasibility of the injection operation. 
Mineral sequestration can even be considered a positive environmental effect since it renders 
the toxic gases into immobile, inert forms. Additionally, it is more likely that geochemical 
reactions will happen far from the injection well, due to the low water saturation in the 
depleted hydrocarbon reservoirs and the dehydrated conditions of the acid gas stream. Thus
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impairment to injectivity due to potential mineral precipitation will be minimized in such 
scenarios. Despite this progress, this is a singular case study intended to generate a 
discussion on the geologic fate of the acid gas as well as the suitability of geologic reservoirs.
4.3 Recommendations for Future Work
• Future site specific investigations should include detailed chemical water 
analyses incorporating a thorough analysis of secondary ions and trace metals, 
as well the examination of rock mineralogy including a stoichiometric 
analysis.
• A more rigorous CT study is suggested which would incorporate scanning 
cores prior to acid gas exposure for a more adequate baseline. An alternative 
method of quantifying the porosity should incorporate methodology from 
Ketcham and Iturrino (2005).
• A pore network study ought to be performed to evaluate the interconnectivity 
of the permeability and determine effective porosity prior, during and after 
injection of acid gas.
• An investigation into porosity changes resultant of fine migration during the 
core sensitivity tests or in-situ injection.
• A thorough assessment of the geomechanical effects of acid gas injection into 
depleted hydrocarbon reservoirs including a study on the stresses and forces at 
the pore level.
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A plume dispersion model which includes the desiceative effects of the acid 
gas stream to incorporate the distance from the injection well where 
geochemical reactions will occur.
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APPENDIX 1
OGC OIL AND CAS COMMISSION Resource Conservation Branch PO Box 9329 Stn Prov Gov’t V IC TO R IA  BC V 8W  9N3  
® (2 5 0 ) 952-0310 o r (250) 952-0311
Location:
6th Fir, 1810 Blanshard St 
VICTO RIA BC V 8T 4J1  
FAX: (250) 952-0301
Guideline for 
Approval of a Scheme to Dispose of Acid Gas
An application for a scheme to dispose o f produced acid gas under Section 100 o f the Petroleum and Natural Gas Act may 
contain, when applicable:
a diagram o f the proposed disposal well completion showing existing and proposed completion intervals, 
casing and tubing details, depth o f packers and nature o f  the inhibited fluid to be used in the annulus;
the location o f all wells within the scheme area and status o f  each zone in which the wells have been 
completed;
casing, completion intervals, tubing and bridge plug data for eacb well in the scheme;
a map showing the locations o f surface rights owners within a 2-kilometre radius o f  the proposed disposal 
well;
a map showing title holders within a 3-kilometre radius, as well as any underlying and overlying the 
disposal zone;
a map showing the status and completion zone for all wells within 3 kilometres o f the proposed disposal 
well;
a structure map and a net pay map o f the pool into which disposal is proposed;
geological cross-sections through the pool, including the disposal well, and showing all gas-oil, gas-water, 
oil-water contacts and upper and lower bounding formations;
a general discussion o f tbe geology of tbe pool, including details o f stratigraphie traps, dip and strike;
a discussion o f the reservoir rock properties including continuity and thickness o f  base and caprock, 
evidence o f  fracturing and comments on the effectiveness o f pool boundaries;
the analysis o f the native reservoir fluid and composition o f the acid gas stream, including phase behavior 
for the expected range o f pressures and temperatures;
a discussion and analysis o f laboratory testing for determining injected fluid interaction with reservoir 
matrix, caprock matrix and native fluids;
the results o f migration calculations made to estimate radius of influence, interface movements in the pool, 
and injectivity performance o f the disposal well;
a discussion on bottom hole injection pressure, maximum sandface pressure, fracture propagation pressure 
and formation fracture pressure;
a description o f the expected acid gas disposal rates, the expected life o f scheme and backup plans should 
tbe well suffer a loss o f injectivity;
an estimate o f the daily volumes o f acid gas to be disposed of, and its effect, if  any, on the recovery of oil 
or gas from the pool;
a discussion o f monitoring o f reservoir and top hole pressures, and fluid migration; 
a diagram o f the surface injection facility, pipelines and operating pressures; 
a diagram showing the measurement facilities for the acid gas stream;
written statements o f no objection to the proposed scheme from all parties that may be affected;
a general discussion of tbe need for acid gas disposal and an economic comparison o f tbe options 
investigated.
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